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Executive Summary 

This report presents an overview of current costs of power-to-gas (PtG) plants that produce methane, 

including investment costs, operational costs and feedstock costs. The costs are estimated based 

on literature sources and data from the STORE&GO demonstration plants that are currently built in 

Falkenhagen (Germany), Solothurn (Switzerland) and Troia (Italy). The report first gives an overview 

of the investment and operational costs for the different PtG plant components: the electrolyser, 

hydrogen storage, methanation reactor, CO2 storage, compressors, pipelines, gas grid injection, re-

fuelling station and oxygen and heat capture. Next, total costs are determined for regular-sized PtG 

plants according to nowadays standards (1 – 5 MW electrical input). Feedstock costs – water, elec-

tricity and CO2 – are also discussed. 

The costs presented in this report will serve as a starting point for further analysis of future cost 

developments of the PtG technology due to learning effects and economies of scale in STORE&GO 

deliverable 7.5a, and will also be used as an input for PtG business calculations in STORE&GO 

deliverable 8.6b. Although this report presents already some costs of the three STORE&GO demon-

stration plants, not all costs could be provided at this point in the project since the plants are still 

being constructed. A detailed evaluation of the costs of the three demonstration plants will be given 

later in STORE&GO deliverable 5.9c.  

With all costs combined (investment, operational and feedstock costs), the methane production costs 

in a PtG plant can be calculated and compared with natural gas prices to assess the potential of the 

technology. The methane production costs of PtG plants were calculated to be 1.95 €/kg for full time 

production of the plant and these costs can be roughly divided into 43% electricity costs, 37% 

CAPEX, 13% OPEX and 7% costs for CO2. Operating the plant only during hours with low electricity 

prices was found not to improve the overall business case of the plant due to the higher burden of 

the CAPEX and OPEX on the produced methane. Costs for water were found to be negligible in all 

cases (adding a maximum of 0.3% to the total costs). 

Comparing the production costs of methane from PtG plants to the current costs of natural gas 

(roughly 0.30 €/kg) it is clear that PtG cannot compete with fossil gas today. We illustrate the effect 

of a decrease by half of the electrolyser investment costs – the most expensive component of the 

PtG plant in terms of investment costs – and find that production costs of methane decrease from 

1.95 €/kg to 1.63 €/kg. Although this is a significant cost reduction (16%) it is – by far – not sufficient 

to bridge the gap to the price of natural gas. 

Many things can change in the (near) future that would improve the business case of PtG. A further 

decrease in the electrolyser investment costs is possible, just as a decrease in costs of other plant 

components. The electricity prices could also change: a reduction in the average price but also a 

different pattern with more hours with low prices would be beneficial for PtG. It is important to remark, 

however, that the electricity prices used in the calculations in this report are already the lowest prices 

that have been observed in recent years (Germany 2016) and that further reductions might be fea-

sible in the short-run but not in the long-run.  

The revenue of the produced gas ultimately defines whether the PtG plant can operate economically 

or not. The methane has to compete with natural gas, but the revenues could be higher due to the 

                                                      

 

a D7.5: Report on experience curves and economies of scale. Due date: 31 October 2018 

b D8.6: Report on the optimal time profile and operation of the conversion technology during a representative year, in the 

perspective of available storage capacities. Due date: 31 December 2018  

c D5.9: Final report on evaluation of technologies and processes. Due date: 29 February 2020. 
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green character of the gas, as opposed to the fossil nature of natural gas. The market perspective 

of green gases is a topic that will be further investigated in deliverable 8.5d.  

                                                      

 

d D8.5: Study describing the short, medium and long-term perspectives of various market segments for “green gases”. 

Due date: 31 October 2018 
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1 Introduction 

In a power-to-gas (PtG) plant, electricity is converted into hydrogen using an electrolyser. It can 

further be converted into methane using a methanation reactor. Producing hydrogen or methane in 

a PtG plant involves many different costs, including investment costs, operational costs and feed-

stock costs. This report provides an overview of all components that can be of importance for a PtG 

plant and provides estimates of the current costs of these components.  

Since the PtG technology is relatively new and fully in development, many costs (such as those of 

the electrolyser) are expected to decrease in the (near) future due to learning effects and economies 

of scale. These future effects will not be discussed in this report but will be the main topic of 

STORE&GO deliverable 7.5e.  This report will thereby serve as a starting point for investigating these 

future cost reduction potentials. 

Figure 1 gives an overview of the basic cost components associated with a PtG plant. The power-

to-hydrogen plant is shown within the black dotted box and consists of an electrolyser stack accom-

panied with equipment such as a power conversion system, water treatment and gas purification 

system. Together with other things such as piping, structure housing and measurement equipment, 

these form the balance of plant (BoP) of the electrolyser, and everything together is referred to as 

the electrolyser system. The hydrogen is stored in a hydrogen storage facility for which a compressor 

is usually needed. In case the produced hydrogen needs to be converted into methane, additional 

equipment is needed in the form of a methanation reactor with its BoP and a CO2 storage tank with 

a compressor. The different feedstock needed in PtG plants (electricity, water and CO2) are indicated 

in orange in the figure, whereas the products (hydrogen, methane, oxygen and heat) are marked in 

green.  

 

Figure 1: Overview of a PtG plant producing hydrogen or methane. Main investment costs for the different 

plant components are numbered in orange. The feedstock electricity, water and CO2 are marked in orange. 

Depending on the final application and destination of the produced gas, additional investments could 

be needed, that are not shown in Figure 1. Examples are pipelines, a gas grid injection station or 

refuelling station. Besides the investment costs for all basic components of the plant, additional costs 

will be made for planning, design, preparation and installation of the plant. These costs will increase 

                                                      

 

e D7.5: Report on experience curves and economies of scale. Due date: 31 October 2018 
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the total investment costs. Once the plant is in operation, operational costs will be made for person-

nel and maintenance. 

The different cost estimates presented in this report are made based on available literature sources 

as well as on data from the three STORE&GO demonstration plants that are built at the moment in 

Falkenhagen (Germany), Solothurn (Switzerland) and Troia (Italy). At this point in the project, how-

ever, not all costs of the demonstration sites are known. A more detailed evaluation of investment 

and operational costs of the demonstration plants will be provided in the end of the STORE&GO 

project, in Deliverable 5.9f. 

The structure of this report is as follows. Chapter 2 will provide an overview of the investment and 

yearly fixed operational costs of PtG plants, including the costs for all basic components as pre-

sented in Figure 1, as well as an estimation of the total costs for a PtG plant that is producing me-

thane. As was said before, all costs presented refer to the current situation. In chapter 3, feedstock 

costs are discussed, including the costs for water, electricity and CO2. Chapter 4 discusses the pre-

sented costs and calculates the methane production costs in PtG plants to assess the potential of 

the technology. 

 

 

                                                      

 

f D5.9: Final report on evaluation of technologies and processes. Due date: 29 February 2020. 
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2 Investment and fixed operational costs of PtG plants 

This chapter discusses the investment and fixed operational costs of PtG plants by first estimating 

these costs for the basic components of PtG plants (section 2.1) and afterwards determining the 

total costs of a PtG plant that produces methane (section 2.2). The costs presented here are esti-

mates of the current situation and are based on literature sources as well as on data provided by the 

three STORE&GO demonstration sites. Economies of scale are not discussed here – this will be 

done extensively in STORE&GO deliverable 7.5g - but it is clear that for most components the size 

does influence the costs. The costs presented here refer to an averaged-sized demonstration plant 

(for nowadays standards) of about 1 – 5 MW electrical input.  

2.1 Investment and operational costs basic components PtG plants 

This section will describe the investment and operational costs of all basic components of a PtG 

plant. It follows Figure 1 and includes the electrolyser stack and accompanying BoP (together the 

electrolyser system), the hydrogen storage, the methanation reactor and accompanying BoP and 

the CO2 storage. Additionally, investment costs for compressors, pipelines, a gas grid injection sta-

tion, a refuelling station and oxygen and heat capture facilities are discussed.   

2.1.1 Electrolyser system 

The heart of every PtG plant is the electrolyser. In the electrolyser, water is split into the components 

oxygen (O2) and hydrogen (H2) by using electricity according to equation 1: 

   𝟐𝑯𝟐𝑶 → 𝟐𝑯𝟐 + 𝑶𝟐       Equation 1 

Three techniques are currently available for water electrolysis: alkaline electrolysis (AEC), proton 

exchange membrane electrolysis (PEMEC) and solid oxide electrolysis cells (SOEC). Alkaline and 

PEM electrolysers operate at relatively low temperature. Alkaline electrolysis was originally the most 

highly developed and cheapest technology and therefore most commonly used (Gahleitner, 2013; 

Holladay et al., 2009). Nowadays, however, PEM electrolysers are a serious alternative for alkaline 

electrolysers and they are used in several PtG pilot plants (Gahleitner, 2013; Kopp et al., 2017). 

PEM electrolysers can reach higher efficiencies and can deal with fast load changes, which can be 

very beneficial in PtG applications (Gahleitner, 2013). In an expert elicitation study published by 

(Schmidt et al., 2017) it was found that a majority of experts expected PEM electrolysis to become 

the most important electrolysis technique by 2030 due to its superior characteristics for intermittent 

operation. Before this would lead to a commercial advantage over alkaline electrolysis, however, 

more experience is required and alkaline electrolysis was expected to remain the most important 

technology in the coming years.  

SOEC is different from the other two technologies as it operates at high temperature and uses steam 

instead of water. The technology is currently the least developed of the three and not yet widely 

applied on a commercial scale. The most important advantage of SOEC is the low electricity demand 

and thus potential high efficiency (Bičáková and Straka, 2012; Götz et al., 2016; Ursua et al., 2012; 

Zahid et al., 2010). The main problems currently associated with the technology are fast material 

degradation, limited long-term stability due to the high operating temperatures and high capital costs 

(Götz et al., 2016; Schmidt et al., 2017; Ursua et al., 2012). Current research is focussing on reducing 

the material degradation and some promising results can be found already (e.g. (Schefold et al., 

2017)). An interesting option is the coupling of SOEC with methanation where the heat from the 

methanation process is used for the vaporization of water before the electrolysis (Giglio et al., 2018; 

2015a; 2015b; HELMETH, 2018). Although SOEC could become a very important competitor for 

                                                      

 

g D7.5: Report on experience curves and economies of scale. Due date: 31 October 2018 
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alkaline and PEM electrolysers in the future – especially in combination with methanation – the tech-

nology is not relevant when assessing current PtG plants. For that reason, only alkaline and PEM 

electrolysers are considered in this report. Within STORE&GO, two out of the three demonstration 

plants use an alkaline electrolyser (Germany, Italy) whereas the third uses a PEM electrolyser (Swit-

zerland). 

When determining the investment costs of electrolysers, it is important to specify what is included in 

the costs and whether this is only the electrolyser stack or the complete electrolyser system – in-

cluding not only the electrolyser stack but also water and gas treatment, power conversion, structure 

housing, piping and measurement equipment (the BoP). Investment costs are usually expressed in 

terms of costs per electrical input (€/kWel). To assess the business case of PtG plants, also the 

efficiency of the electrolyser (system) is needed, just as the lifetime of the electrolyser (stack) and 

the operational costs.  

Investment costs   

The investment costs of the different types of electrolyser technologies were analysed in an exten-

sive literature screening. The literature review is facing with two problems. On the one hand, currently 

not much reliable data on costs is available: sources often suffer from a lack of information about the 

system boundary, year of installation, rated power and source of the reported costs. On the other 

hand, the available data in the literature have a wide range and is in most cases not up to date. In 

this report we only consider papers where the costs are based on offers and price inquiries, manu-

facturers- and expert-elicitations. Literature sources, where only assumptions are made or only other 

literature sources are summarized, are not taken into account. In a lot of papers costs of electrolysers 

are given, but they are from papers that refer again to other papers and so on. A lot of calculations 

in the field of PtG are based on the paper of (Smolinka et al., 2011). However, the data in this paper 

are not quite up to date (from the years 2002 until 2009). The literature research on the costs of 

electrolysers has not been completed yet and is being continually updated. Here, we present the 

first results of the literature review. We only assess current costs and do not predict costs for the 

future. An update of the literature review will be given in deliverable 7.5h that will also include future 

cost estimates. 

In the – earlier mentioned – paper of (Smolinka et al., 2011), specific investment costs for alkaline 

pressure-less and pressurised electrolysers were calculated on the basis of offers and price requests 

from the years 2002 to 2009. Depending on the hydrogen production rate (up to 500 m³/h (NTP) 

which is ~ 2.5 MW) the specific investment costs range from around 750 €/kWel to 6,000 €/kWel. The 

costs for PEMEC were also determined, but hardly any prices were available for electrolysers with 

a production rate greater than 10 m³/h (equals to app. 50 kWel), since no electrolysers existed on 

this scale. The investment costs in the range of 0.5 to 6 m³/h (NTP) (2.5 – 3 kWel) originate from a 

telephone inquiry with a manufacturer and those in the range of 50 to 200 Nm³/h (250 – 1,000 kWel) 

from theoretical calculations. Depending on the hydrogen production rate of the PEMEC, the specific 

investment costs are approximately 900 €/kWel (for 200 m³/h (NTP) or ~1 MW) up to 10,000 €/kWel 

(for 0.4 m³/h (NTP) or ~2 kW). For the calculation of current hydrogen production costs that are 

carried out in the paper, the authors used specific investment costs of about 2,500 €/kW for a 

PEMEC (30 m³/h (NTP) or ~150 kW) and 1,000 €/kW for an AEC (500 m³/h (NTP) or ~2.5 MW).  

In (Steinmüller et al., 2014) a system analysis of the PtG technology was carried out. One chapter 

deals with investment costs of the AEC and PEMEC system. It is mentioned, that the indication of 

current specific investment costs is very difficult, because the system costs primarily depend on the 

purpose of the field of application. For this reason, the given costs must be seen as guideline values. 

                                                      

 

h D7.5: Report on experience curves and economies of scale. Due date: 31 October 2018 
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The specific system costs for AEC and PEMEC are based on price information from electrolyser 

manufacturers in the year 2014. The specific investment costs for an AEC with a hydrogen produc-

tion rate of about 100 m³/h (~0.5 MW) (NTP) can be estimated at about 1,800 €/kWel. The costs drop 

to 1,200 €/kWel for an electrolyser with 500 m³/h (NTP) (~2.5 MW). By way of comparison, PEMEC 

have higher costs for a similar production rate of about 3,500 €/kWel (0.1 MW) and 1,750 €/kWel 

(1 MW). According to various manufacturers and research institutes, the costs of the entire electrol-

ysis system can be approximately divided into 50 % stack costs (AEC: 40 – 50 %, PEMEC 50-60 %), 

10 – 20 % power electronics and 30-40 % remaining costs (BoP). 

In (Bertuccioli et al., 2014) an overview of the current status and a forecast for the development of 

alkaline and PEM electrolysis technology is given. The key figures for the electrolysers are from 

various literature sources (2010 – 2013) as well as presentations, reports from the US Department 

of Energy and data sheets from manufacturers. The reported costs are the total costs of an electro-

lyser system, taking into account the stack, gas management, water management, control and en-

ergy supply (transformers, rectifiers). For alkaline electrolyser systems, current costs are reported to 

fall in the range of 1,000 – 1,200 €/kW for electrolyser with a rated power of 1.8 – 5,300 kW. As a 

central case, costs of 1,100 €/kW are assumed. PEM electrolyser systems are reported to fall in the 

range of 1,860 – 2,320 €/kW (rated power of 0.2 – 1,150 kW) with 2,090 €/kW as a central case.  

(Energinet dkEnergi Styrelsen, 2012) publish key data on energy generation technologies and thus 

also on electrolysis technologies at regular intervals. The data are from well-founded and public 

sources as well as from expert information. The specific investment costs for alkaline electrolysers 

with a nominal power of less than 3.4 MW are specified with 1,400 €/kWel in the year 2015. Costs 

for a PEM electrolyser are estimated to be very high at 6,000 €/kWel, however, with a very low rated 

power of 45 kW.  

The data given in (Schenuit et al., 2016) are based on assessments by scientific actors and operators 

of existing pilot plants. Manufacturers can already offer large alkaline electrolysers for less than 

1,000 €/kW in the year 2016. The PEM technology is currently still only produced in smaller sizes 

and therefore significantly more expensive with costs of around 2,000 €/kW.  

(de Bucy, 2016) addresses the economic potential of Power-to-X applications. The costs for the 

electrolysis technologies are derived from current literature sources. The current specific investment 

costs for AEC are stated as 2,000 €/kW (rated power 500 kW), 1,500 €/kW (rated power 1 MW) and 

1,000 €/kW (rated power 10 MW). The costs include BoP, transport, installation and commissioning. 

Current investment costs for PEM electrolysers are not given. It is reported that they are higher than 

those of alkaline electrolysers but that it is expected that costs will decrease fast in the coming years, 

as PEM electrolyser manufacturers are very active in the development of the technology. 

The specific investment costs stated in (Görner and Lindenberger, 2015) are based on different 

literature sources. The costs for alkaline electrolysers (1,000 €/kW to 5,000 €/kW) show a very wide 

range due to scale effects. The specific costs of 1,000 €/kW refer to a plant on the MW scale. For a 

PEM electrolyser the specific investment costs in the year 2014 are significantly higher at about 

2,000 €/kW. 

In the article of (Antoni and Kostka, 2012) a price level of approximately 1,800 €/kW is given for an 

alkaline electrolysis plant in the lower MW range. The price is based on offers.  

(Felgenhauer and Hamacher, 2015) analysed 16 offers of commercially available electrolysers in 

the power range of 0.35 to 3.35 MW. The investment costs include the electrolyser, transportation, 

installation and commissioning. The investment costs of AEC range from 2,100 $/kWH2-LHV (output 

54 kgH2/h) to 5,700 $/kWH2-LHV (output 5,9kgH2/h). The PEMEC have higher costs between 

3,100 $/kWH2-LHV (output 47 kgH2/h) and 6,600 $/kWH2-LHV (output 9 kgH2/h). This results in specific 

investment costs of approximately 875 €/kWel (3.35 MW) to 2,370 €/kWel (0.35 MW) for AEC and 

1,370 €/kWel (3 MW) to 2,915 €/kWel (0,6 MW) for PEMEC.  
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The investment costs for a PEM electrolyser in (Walker et al., 2016) are derived from data provided 

by industrial partners. They are assumed to be about 1,500 $/kW (~ 1,130 €/kW) for a 5 MW elec-

trolyser and about 1,250 $/kW (~940 €/kW) for a 30 MW electrolyser.  

(Siemens, 2015) state that the second product generation of PEM electrolysers with a nominal power 

of 1.25 MW costs well below 2,000 €/kW where this used to be over 10,000 €/kW installed load. A 

further decrease down to even 900 €/kW was expected for the year 2018 at the latest.  

According to information of the (Energieinstitut an der JKU Linz, 2018) from different projects, which 

are based on requests in the year 2017, the investment costs for alkaline electrolysers are in the 

range of about 900 – 2,500 €/kW at a power of about 0.5 – 2.5 MW. For PEM electrolysers the costs 

are about 1,600 – 2,000 €/kW for a rated power of 0.5 – 2 MW. 

The share of investment costs of the electrolyser stack in the total electrolyser system costs is not 

often discussed. Apart from the earlier mentioned estimate of (Steinmüller et al., 2014) where the 

stack costs approximately 50% of the total, other estimates are given by (Hofstetter et al., 2014) and 

(Noack et al., 2014) where the stack is estimated to cost about 30% and 32% of the total investment 

costs, respectively. 

Within STORE&GO, two demonstration sites use an alkaline electrolyser. The plant in Italy reports 

investment costs of roughly 1,400 €/kW (200 kW), which is thus in the same range as literature 

sources suggest. For the German demonstration plant investment costs of the electrolyser are cur-

rently unknown. The PEM electrolyser system in the Swiss demonstration site (350 kW, bought in 

2014) was estimated to cost around 951,395 CHF (~€808,686), which equals to 2718 CHF/kW 

(~2311 €/kW). This price includes the electrolyser stack, rectifier, grid connection, control system, 

drying system, piping, measurement equipment and water treatment and the investment costs are 

indeed almost twice as high as those of an alkaline electrolyser.  

 

Figure 2: Overview of investment costs of alkaline and PEM electrolysers plotted against the reported rated 

power according to the literature sources discussed in this section. Sources: (Antoni and Kostka, 2012; Bertuc-
cioli et al., 2014; de Bucy, 2016; Energieinstitut an der JKU Linz, 2018; Energinet dkEnergi Styrelsen, 2012; 
Felgenhauer and Hamacher, 2015; Görner and Lindenberger, 2015; Schenuit et al., 2016; Siemens, 2015; 

Smolinka et al., 2011; Steinmüller et al., 2014; Walker et al., 2016) 

Figure 2 summarizes the cost estimates for PEM and alkaline electrolysers that were discussed in 

this section. The cost estimates are plotted against the rated nominal power to give an indication of 

the influence of size on the investment costs. In cases that the nominal power was only broadly 

indicated (e.g. “in the MW-scale”) a number has been chosen that seems to be representative. Two 

cost estimates (for rated powers of 10 and 30 MW respectively) are not visible in the figure. 
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As can be seen in Figure 2, investment costs of electrolysers tend to become lower with increasing 

size. The same conclusion was found by (Saba et al., 2018) who made an overview of (alkaline and 

PEM) electrolyser investment costs over the past 30 years. It was found that investment costs de-

crease significantly especially until 100 Nm3/h (~0.5 MW electrical input) due to the peripheral costs 

which are independent of the plant size. The authors of the study also found that investment costs 

of electrolysers decreased significantly over the past decades, especially for PEM electrolysers of 

which the costs are now approaching those of alkaline electrolysers.  

PEM electrolysers are relatively new and became only recently available in larger sizes (Saba et al., 

2018). To properly compare investment costs of the two technologies, size needs to be taken into 

account. Table 1 presents averages for the investment costs calculated from the literature sources 

presented in this section that discuss electrolysers with rated powers between 1 and 5 MW and 0.5 

and 5 MW respectively. 

Table 1: Investment costs of alkaline and PEM electrolysers based on estimates from literature  

discussed in this section taking into account estimates of 1 – 5 MW and 0.5 – 5 MW. 

 Alkaline PEM 

 Costs (€/kWel) Rated power 

(MW) 

Costs 

(€/kWel) 

Rated power 

(MW) 

1 – 5 MW 1180 2.5 1640 2.4 

0.5 – 5 MW 1390 2.1 1890 1.6 
 

Table 1 makes clear that even for similar rated powers, PEM electrolysers are currently more ex-

pensive than alkaline electrolysers. Nevertheless, the difference is smaller than it seems to be when 

the rated powers are not taken into account.  

A more detailed investigation of investment costs of electrolysers, including learning effects and 

economies of scale will be given in STORE&GO deliverable 7.5i.  

Lifetime, efficiency and operational costs 

The lifetime of the electrolyser depends on what efficiency drop is accepted. An electrolyser is un-

likely to break down but reduces in efficiency until the point that investing in a new electrolyser stack 

becomes beneficial (Bertuccioli et al., 2014). (Smolinka et al., 2011) reports that alkaline electrolys-

ers need revision every 7 – 12 years for some components but that other components last for 20 

years and do not need replacement. The lifetime is reported to be 90,000 hours and no further im-

provements are expected. For PEM electrolysers the lifetime is reported to be only 20,000 hours but 

it is stated that the lifetime improved significantly over the last decade and further improvements up 

to 60,000 hours are expected for the next 10 – 20 years. (Bertuccioli et al., 2014) writes that leading 

alkaline and PEM manufacturers claim stack efficiencies of 90,000 and 60,000 operating hours re-

spectively, meaning that the expected PEM lifetime improvements of (Smolinka et al., 2011) were 

already reached 3 instead of 10 – 20 years later. (Siemens, 2017) reports a lifetime of at least 80,000 

hours for their SILYZER 200 PEM electrolyser, indicating an even further improvement. (Nel, 2018) 

states that cell stack replacement for their alkaline electrolysers is typically needed after 8 – 10 years. 

Besides investment costs also the efficiency of an electrolyser is important, as this determines the 

required feedstock (electricity and water) needed to produce a certain amount of hydrogen and the 

hourly production volume of the plant, which is in turn important for the sizing of the hydrogen storage 

and methanation reactor. The efficiency is often defined in terms of electricity consumed per normal 

                                                      

 

i D7.5: Report on experience curves and economies of scale. Due date: 31 October 2018 
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cubic meter (kWh/m3, NTP) of produced hydrogen. To express the efficiency in terms of a percent-

age, the heating value (also known as calorific value or energy value) of hydrogen is required. The 

heating value of a substance is the amount of heat released during complete combustion and is 

different for every substance. There is a difference between the higher heating value (HHV) and 

lower heating value (LHV) of a substance. The HHV (also known as gross calorific value) includes 

the heat of vaporization of water whereas the LHV (also known as net calorific value) does not. The 

HHV and LHV of hydrogen are equal to 3.54 kWh/m3 (NTP) and 3.00 kWh/m3 (NTP) respectively.  

In a perfect situation, 3.54 kWh of electricity is needed to create 1 m3 H2 (NTP). In reality, however, 

there is always a loss of energy in the electrolysis process so the electricity needed for 1 m3 (NTP) 

will be higher. Larger units work more efficiency and so the energy consumption decreases with 

volume (Smolinka et al., 2011).  

Similar to the determination of costs, it is important for the determination of the efficiency to specify 

whether the whole system is included or only the electrolyser stack. The efficiency of the bare elec-

trolyser is higher than it is for the complete system. Furthermore, the efficiency of the electrolyser is 

also dependent on the operation mode and load: electrolysers are more efficient at lower loads (to 

a certain point) (Bertuccioli et al., 2014; Hydrogenics, 2017; Kopp et al., 2017).  

(Frank et al., 2018) developed an extensive method to calculate the efficiency of PtG plants – includ-

ing both electrolysis and methanation. The paper makes clear that for a proper comparison of effi-

ciencies of different electrolysers and PtG plants, all system boundaries need to be identified care-

fully, just as the use of thermal energy. Unfortunately, current literature sources and electrolyser 

manufacturers generally do not clearly report the system boundaries of the efficiency calculations 

and the reported numbers are therefore hard to compare. Nevertheless, we will provide an overview 

of electrolyser efficiencies reported in literature.  

(Gahleitner, 2013) made an evaluation of PtG pilot plants and also looked at the efficiencies of the 

plants. The average power consumption of alkaline and PEM electrolysers in the pilot plants was 

found to be 5.1 kWh/m3 (69% efficiency) and 5.6 kWh/m3 (63% efficiency) respectively. Lowest 

power consumptions were found to be 4.2 kWh/m3 (84% efficiency) and 4.5 kWh/m3 (79% efficiency) 

respectively for the two types of electrolysers. So, although literature suggests that PEM electrolys-

ers can be more efficient than alkaline electrolysers, this was not found in practice in the pilot plants 

comparison of (Gahleitner, 2013). The author remarks, however, that the efficiencies of the pilot 

plants are hard to compare due to insufficient documentation about the efficiency calculation. Be-

sides this, five years have passed since the article was published and PEM electrolysis has been 

further developed since then. (Kopp et al., 2017) presents more recent information on the operation 

of a PEM electrolyser and report efficiencies of 64% (HHV) for operation at part load and 59% (HHV) 

for operation at peak load. A PtG plant from Thüga in Frankfurt (Germany) that uses a PEM electro-

lyser reports a system efficiency of 77% (HHV) (ThügaMainova, 2017). 

Several electrolyser manufacturers also report their power consumption / efficiencies. (Nel, 2018) 

reports power consumption of their alkaline electrolyser stack to fall in the range of 3.8 – 4.4 kWh/m3 

(93 – 80%). (Hydrogenics, 2018a) reports power consumption of their HySTAT alkaline electrolyser 

outdoor systems (all-in) to be 5.4 kWh/m3 (66% efficiency) for small-scale electrolysers and 5.2 

kWh/m3 (68% efficiency) for large-scale electrolysers (>30 m3/h) at full capacity. For indoor systems, 

power consumptions of 4.9 kWh/m3 (72% efficiency) are reported. In another document (Hydrogen-

ics, 2016) reports no difference in power consumption or response time between their HySTAT al-

kaline and HyLYZER PEM electrolysers, with both having a power consumption of 5.0 – 5.4 kWh/m3 

(71 – 66% efficiency) with utilities included at nominal capacity. (ProtonOnSite, 2017) reports system 

power consumption for their PEM electrolysers of 5.3 kWh/m3 (67% efficiency). The 1.25 MW 

SILYZER PEM electrolyser stack of Siemens reports a production of 225 m3/h, thus equalling to a 

power consumption of 5.6 kWh/m3 (63% efficiency) (Siemens, 2017). 

Several literature sources estimate the yearly operational costs of electrolysers. (Carr et al., 2014) 

use an estimate of 4% of investment costs for the yearly operational costs based on several literature 
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sources without indicating a specific type of electrolyser. (Greiner et al., 2007) also uses operational 

costs of 4% of investment costs in their calculations, assuming an alkaline electrolyser is used. (Hof-

stetter et al., 2014) takes into account operational costs of 2% of investment costs based on several 

literature sources and assuming the use of an alkaline electrolyser. (Ulleberg et al., 2010) also as-

sume that the yearly operational costs are 2% of investment costs for an alkaline electrolyser. (Ber-

tuccioli et al., 2014) estimates the operational costs based on figures provided by manufacturers and 

found that these are in the range of 2 – 5% of investment costs per year, without a distinction between 

alkaline and PEM electrolysers. The authors state that operational costs differ by plant size and 

become lower for larger plants. For a smaller plant of about 1 MW they estimate operational costs 

of 5% of CAPEX per year while this would reduce to 2% for a 10 MW plant.  

Summary 

Table 2 summarizes the information presented in this section and gives a range and base case for 

the electrolyser CAPEX (both alkaline and PEM), lifetime, efficiency and OPEX.  

Table 2: Base case assumptions and ranges for current costs parameters of electrolysers 

 Alkaline PEM 

 Base case Range Base case Range 

CAPEX (€/kWh) 1180 875 – 1800 1640 1130 - 2000  

Lifetime 90,000 h (10 years) - 60,000 h (7 years) - 

System efficiency (% HHV) 69% 66 – 72% 66% 59 – 77% 

OPEX (% of CAPEX) 4% 2 – 5%  4% 2 – 5%  
 

For the investment costs, average values are taken from Table 1 and the provided ranges repre-

sent the lowest and highest values found for electrolyser sizes between 1 and 5 MW. The system 

efficiencies reported in the table are calculated by averaging all values reported in this section for 

alkaline and PEM electrolyser systems respectively. As was said before, these values are difficult 

to compare because of unclear system boundaries. The model of (Frank et al., 2018) is recom-

mended for future calculations and specification of the efficiency of PtG plants. This provides clear 

system boundaries and designations for unambiguous allocation and comparability of efficiencies. 

For the operational costs of the electrolyser, no distinction is made between alkaline and PEM 

electrolysers.   

2.1.2 Hydrogen storage 

The produced hydrogen can be stored before it is used, transported to another location, reconverted 

back to electricity or further converted into methane. The size of the storage facility strongly depends 

on the size of the plant but also on the application and the operation of the electrolyser. When the 

electrolyser is not operated continuously but instead is adapting to the fluctuating power supply of a 

wind farm or to fluctuating electricity prices, a storage facility is needed to buffer the fluctuating hy-

drogen production. An application with a non-continuous hydrogen demand – such as a hydrogen 

refuelling station – also requires a buffer storage. For seasonal hydrogen storage, very large storage 

volumes would be needed. 

The technology PtG is currently still in development and existing plants are pilot plants of relatively 

small size. (Gahleitner, 2013) gives an overview of pilot plants and found that the power input of the 

electrolysers in the plants ranged between as little as 1 kW to a maximum of 6.3 MW for the plant of 

Audi that is located in Werlte, Germany. Another large (for current standards) PtG plant is located in 

Mainz, Germany, and has a PEM electrolyser with a 6 MW power input (Kopp et al., 2017). The three 

demonstration plants in the STORE&GO projects have electrolysers with a power input of 2 MW, 

350 kW and 200 kW respectively. For onsite storage at this relatively small scale, high-pressure gas 

tanks and metallic hydride tanks are the best options (Götz et al., 2016). In the overview of pilot 
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plants, given by (Gahleitner, 2013), most of the current projects (88%) and all of the planned projects 

use high-pressure gas tanks. This technology is state-of-the-art and is widely available with high 

capacities and relatively low costs (Gahleitner, 2013). (Zoulias et al., 2006) state that metal hydrides 

may compete with high-pressure storage tanks only for small storage capacities (some tens of m3), 

even in the long-term. As hydrogen storage is a high cost factor, it is beneficial to minimise this as 

much as possible (Götz et al., 2016). In this report, we will focus on high-pressure steel tanks for 

small- to medium-scale hydrogen storage. Underground hydrogen storage in geological formations 

will be discussed for large-scale, long-term storage, which might become relevant in the future. 

High-pressure steel tanks 

The size of the storage facility depends strongly on the plant configuration and utilization of the 

hydrogen. The pressure of hydrogen storage varies between 4 and 400 or even 700 bars. The higher 

the storage pressure, the more gas can be stored on the same footprint, but the higher the costs will 

be due to the need for stronger storage tanks (thicker walls and/or other materials) and higher energy 

consumption of the compressor (Ulleberg et al., 2010). Using a high-pressure electrolyser can pre-

vent the use of a compressor (Gahleitner, 2013) – or at least reduce the need for compression. 

Although this is more efficient, (Ulleberg et al., 2010) state that it results in higher costs for material, 

safety and control systems and therefore recommend low-pressure electrolysis followed by com-

pression.  

Estimates for investment costs in pressure tanks for hydrogen storage vary. Table 3 gives an over-

view of costs estimates for hydrogen storage in high-pressure tanks according to literature. All cost 

estimates have been translated into the same unit €/m3 (NTP), which indicates the costs to store one 

normal cubic meter of hydrogen, irrespective of the pressure used in the tank. 

(Carr et al., 2014) estimate the current costs of 200 bar hydrogen storage tanks at 500 €/kg (equal 

to 45 €/m3). Three different future cost-scenarios are assumed, with hydrogen storage prices going 

down to 250, 125 or even only 50 €/kg (equal to 22, 11 and 4 €/m3 respectively). They assume 

different storage sizes, equal to 100 h, 10 h and 1 h of full output of a wind farm. 

(Darras et al., 2015) use a price of 70 €/m3, without giving much information about the storage.  

(Gammon et al., 2006) give costs for hydrogen storage at the HARI (UK) demonstration site where 

48 cylinders of 0.475 m3 are installed which can store a maximum of 2856 m3 when the pressure is 

137 bar. 

(Grond et al., 2013) assumes capital costs for hydrogen storage of about 900 €/kg which equals to 

81 €/m3. The estimate was based on data from (Weinert, 2005), who gives a price range of 273 – 

2182 $/kg (254 – 2029 €/kg or 23 – 182 €/m3) based on literature sources. The literature sources 

report storage capacities between 50 – 1240 kg (556 – 13,793 m3) with pressures ranging between 

2057 – 8000 psi (141 – 552 bar).  

(Karellas and Tzouganatos, 2014) assume capital costs of €422,700 for a storage tank of 1000 kg, 

which comes down to 38 €/m3.  

(Katikaneni et al., 2014) assesses the operation of on-site hydrogen production for a refuelling sta-

tion. In a refuelling station, the hydrogen storage facility consists out of two parts: bulk storage at 

moderate pressure and a cascade storage at a high pressure. Here, costs for the 300 kg (3337 m3) 

hydrogen bulk storage tank (173 bar) are estimated at 1200 $/kg (1140 €/kg or 102 €/m3) and costs 

for the 140 kg (1557 m3) cascade storage tank (432 bar) are estimated at 1150 $/kg (1093 €/kg or 

98 €/m3).  

(Linnemann and Steinberger-Wilckens, 2007) calculate the costs of hydrogen production for two 

different plant sizes. They report amongst others the costs for 500 bar storage tanks for a hydrogen 

refuelling station (5000 m3 in one example and 267 bundles of 3840 m3 in a second example), which 

equals to 40 €/m3.  
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(Ozaki et al., 2014) present a comparative study with costs estimates for a very large hydrogen 

storage based on 883 clusters containing 36 cylinders of 0.8 m3 each. One cylinder of 0.8 m3 can 

store up to 204 m3 of hydrogen at a pressure of 350 bar. The costs for one cylinder are 1.0 million 

YPI (€8387).  

(Pääkkönen et al., 2018) performs a techno-economic analysis of PtG in a biogas plant. Hydrogen 

is assumed to be stored at ambient pressure in an 85 m3 steel tank, which is equivalent to 2-hours 

of operation of the anaerobic digester. Investment costs were determined using a formula from a 

chemical engineering handbook that bases investment costs on size. For the 85 m3 tank they were 

found to be €42,000 which equals to 490 €/m3.  

(Prince-Richard et al., 2005) use a price of 200 $/kg (190 €/kg or 17 €/m3), which was taken from a 

range of 50 – 500 $/kg (48 – 475 €/kg or 4 – 43 €/m3).  

(Ulleberg et al., 2010) give costs for the hydrogen storage at the Utsira (Norway) demonstration site 

where there is one storage tank of 12 m3 that can store the hydrogen up to a pressure of 200 bar 

(2400 m3).  

(X. Xu et al., 2017) gives an overview of a hydrogen refuelling station with a storage system that 

consist of a bulk storage tank with a pressure of 173 bar followed by a cascade storage at a pressure 

of 350 bar – the pressure that is needed for dispensing. The costs for the storage tanks are calculated 

using a formula in which costs depend on the size and pressure of the tank. Costs range between 

2300 and 1300 $/kg (2200 – 1200 €/kg or 195 – 110 €/m3) for storage tanks of sizes between 14 

and 300 kg of hydrogen. These estimates are very high compared to most other estimates presented 

here. 

(Zoulias et al., 2006) gives an overview of hydrogen storage costs in high-pressure steel tanks based 

on cost data from commercially available storage tanks. For large storage volumes (2,000 – 10,000 

m3) at 200 bar, costs of roughly 30 – 40 €/m3 were found. Smaller storage volumes showed in general 

higher prices, going up to 140 €/m3. The authors estimate the current price at 38 €/m3 and estimate 

a future price of 25 €/m3 already for the year 2020.  

The literature overview makes clear that cost estimates for hydrogen storage tanks vary widely. 

Prices generally fall in the range of 20 – 100 €/m3, with extremes going down to only 4 €/m3 for very 

optimistic future estimates and up to almost 500 €/m3 for pessimistic estimates. Although (Zoulias et 

al., 2006) states that costs increase for smaller storage systems, this does not become apparent 

from the literature overview. Combining multiple gas cylinders usually creates larger storage volumes 

(e.g. (Gammon et al., 2006; Linnemann and Steinberger-Wilckens, 2007; Ozaki et al., 2014), which 

leaves not much room to reach significant economies of scale. (Simbeck and Chang, 2002) state 

that higher pressures also lead to higher costs but this also does not become apparent in the litera-

ture review. For the refuelling station studied by (Katikaneni et al., 2014), the high-pressure, smaller 

sized storage tank even has lower costs per m3 than the bulk storage tank with a lower pressure and 

larger volume – although the price difference is minimal and could be caused by rounding errors.  

In the STORE&GO demonstration sites, hydrogen storage is only needed for intermediate storage 

between the electrolyser and the methanation reactor. The plant in Falkenhagen (Germany) does 

not use intermediate hydrogen storage. In Troia (Italy) the original hydrogen plant has hydrogen 

storage but for the methanation process this is not needed. In Solothurn, Switzerland, hydrogen 

storage of 292 m3 is used, at a maximum of 30 bar, which is a capacity of roughly 4.5 hours of full 

capacity operation. The containers can be used up to a pressure of 200 bar but they are filled to a 

maximum of 30 bar since this is the maximum outlet pressure of the electrolyser. The investment 

costs were estimated at 400,000 CHF (€340,000), which translates into 1370 CHF/m3 (~1164 €/m3), 

which is very high compared to literature estimates.  

Table 3: Investment costs for hydrogen storage according to literature 

Literature source Pressure (bar) Storage size Costs (€/m3) 
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 (Carr et al., 2014) 200 Different sizes 45  22  11  4 

 (Darras et al., 2015) Not specified Not specified 70 

 (Gammon et al., 2006) 137 2856 m3 (60 m3 each) 50 

 (Grond et al., 2013) Not specified Not specified 81 

 (Karellas and Tzouganatos, 2014) Not specified 11,123 m3 38 

 (Katikaneni et al., 2014) 173 3337 m3 102 

 (Katikaneni et al., 2014) 432 1557 m3 98 

 (Linnemann and Steinberger-Wilckens, 2007) 500 5000 m3 40 

 (Ozaki et al., 2014) 350 204 m3 41 

(Pääkkönen et al., 2018) 1 85 m3 490 

 (Prince-Richard et al., 2005) 414 Different sizes 17 (4 – 43) 

 (Ulleberg et al., 2010) 200 2400 m3 23 

 (Weinert, 2005) 141 – 552  556 – 13,793 m3 23 – 182 

 (X. Xu et al., 2017) 350 3337 – 156 m3 110 – 195 

 (Zoulias et al., 2006)  30 5 – 10,000 m3 38  25 
 

The lifetime of hydrogen storage tanks is assumed to be 20 to 30 years (Carr et al., 2014; Darras et 

al., 2015; Glockner et al., 2006; Greiner et al., 2007; Ramsden et al., 2008; Ulleberg et al., 2010; 

Zoulias et al., 2006), so no replacement during a project lasting for 20 years is required. 

For the hydrogen storage, operating costs are estimated at 0.5% (Glockner et al., 2006; Karellas 

and Tzouganatos, 2014; Zoulias et al., 2006), 1% (Darras et al., 2015; Ramsden et al., 2008), 2% 

(Greiner et al., 2007) and 2.5% (Ulleberg et al., 2010) of initial CAPEX. In this report, we assume 

that the O&M costs of the hydrogen storage are equal to 1.5%, taking the average of the estimates 

from literature. 

Table 4 gives the range and base case assumptions for the CAPEX, lifetime and OPEX of high-

pressure steel tanks for hydrogen storage. 

Table 4: Base case assumptions and ranges for current costs parameters  

of high-pressure steel tanks for hydrogen storage. 

 Base case Range 

CAPEX hydrogen storage (€/m3) 100 23 – 195  

Lifetime >20 years 20 – 30 years 

OPEX (% of CAPEX) 1.5% 0.5 – 2.5% 
 

Geological formations 

There are several types of geological formations that can be suitable for long-term large-scale hy-

drogen storage. Geological formations are already widely used to store natural gas to bring flexibility 

into the gas system. Depleted gas and oil reservoirs, aquifers and salt caverns are the most important 

geological formations for underground natural gas storage (Ozarslan, 2012).  

For underground hydrogen storage, salt caverns form the most suitable geological formation. Salt is 

inert with respect to hydrogen and it is extremely gas tight (Crotogino et al., 2010). This can be 

different in depleted oil and gas reservoirs and especially in aquifers where the hydrogen might react 

with the minerals and microorganisms in the reservoir (Amid et al., 2016; Crotogino et al., 2010). 

Besides the advantages of being inert and leak tight, salt caverns are also characterised by very 

high withdrawal and injection rates and low cushion gas requirements (Kepplinger et al., 2011; 

Ozarslan, 2012). Cushion gas is the gas volume required in the storage to maintain an adequate 
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storage pressure. Although this gas is present in the reservoir, it cannot be used. The cushion gas 

requirements are estimated to be roughly 30% of the total volume (Lord et al., 2014). In calculating 

investment costs for salt cavern storage, cushion gas costs must be included. These costs roughly 

fall in the range of 20 – 50 % of total investment costs (Le Duigou et al., 2017; Lord et al., 2014). 

The technology of storing hydrogen in salt caverns is very similar to the storing of natural gas in 

these reservoirs. The energy density of hydrogen is however roughly three times lower than that of 

natural gas, which means that less hydrogen can be stored in the same volume, making hydrogen 

storage more expensive than the storage of natural gas. There are already several hydrogen storage 

facilities in underground salt caverns in the world: in Teesside (England) and in Texas (USA). Expe-

rience shows that the losses are negligible at less than 0.1% per year (Kepplinger et al., 2011). 

The possibilities for geological storage of hydrogen are strongly dependent on the location. The 

distribution of salt formations across Europe is very uneven. The – by far – most favourable locations 

in Europe are in the north-west of Germany and north-east of the Netherlands (Crotogino et al., 

2010) but these large salt deposits (Zechstein) are also spread to (east) England, Denmark and 

Poland (Kepplinger et al., 2011). Other areas in Europe also have salt deposits and although they 

are less favourable for hydrogen storage they might still be useful:  e.g. (Le Duigou et al., 2017) 

identified several suitable locations for hydrogen storage in salt caverns in France.   

Salt caverns for gas storage have typical volumes of 500,000 – 700,000 m3 with hydrogen working 

gas capacities of roughly 8.5 kg hydrogen per m3 (Crotogino et al., 2010; Kepplinger et al., 2011). 

The investment costs for salt caverns are highly dependent on the location (Le Duigou et al., 2017; 

Lord et al., 2014). In general, underground storage in geological formations is cheaper than above-

ground storage but it is only suitable for large-scale applications (Schoenung, 2011). Several litera-

ture sources discuss the investment costs of hydrogen storage in salt caverns. (Schoenung, 2011) 

estimates gas storage costs for underground and aboveground at 15 and 0.3 $/kWh respectively, 

with aboveground storage thus being 50 times more expensive than underground storage. (Le 

Duigou et al., 2017) estimate cavern investment costs at 9 €/m3. (Steward et al., 2009) estimate the 

costs for the development of solution-mined salt caverns at 0.02 $/kWh. Using the HHV of hydrogen 

of 39.41 kWh/kg and a cavern capacity of 8.5 kg/m3 (following e.g. (Crotogino et al., 2010; Kepplinger 

et al., 2011) this equals to 6.7 $/m3 which is thus the same order of magnitude as the estimate of (Le 

Duigou et al., 2017). (Lord et al., 2014) gives an extensive overview of costs for geological storage 

of hydrogen in salt caverns, depleted oil and gas reservoirs, hard rock reservoirs and aquifers. Lev-

elized costs for hydrogen storage in salt caverns were found to be 1.61 $/kg, including cushion gas 

costs that added 18% to the total costs. Using again the cavern density of 8.5 kg/m3 the costs are 

13.7 $/m3, which is again in the same order of magnitude. Only the estimate of (Schoenung, 2011) 

is one order of magnitude higher than the others. Using only the three other estimates, we can esti-

mate hydrogen storage costs in underground salt caverns at 10 €/m3 which is equal to 0.03 €/kWh 

or 1.2 €/kg or 0.11 €/m3. 

The lifetime of salt caverns is long and estimated at 30 years (Lord et al., 2014) or even 50 years 

(Le Duigou et al., 2017). Replacement within a project lifetime of 20 years is therefore not required.  

For hydrogen storage in salt caverns, O&M costs are estimated at 2% of investment costs per year 

(Le Duigou et al., 2017).  

Table 5 gives the base case assumptions and ranges of the cost parameters of hydrogen storage in 

underground salt caverns. 

Table 5: Base case assumptions and ranges for current costs parameters of hydrogen storage in salt caverns 

 Base case Range 

CAPEX hydrogen storage (€/m3) 0.11 0.06 – 0.85  

Lifetime >20 years 30 – 50 years 
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OPEX (% of CAPEX) 2% - 
 

2.1.3 Methanation reactor and BoP 

Hydrogen produced in an electrolyser can be used directly in for example the chemical industry or 

transportation sector but it can also be further converted into methane. This conversion has several 

benefits since methane has many applications and our current economy is largely based on natural 

gas, which is a gas mixture of primarily methane. For conversion of hydrogen into methane a 

methanation reactor is required, just as a source of CO2. There are two different methanation tech-

nologies: biological methanation and catalytic thermochemical methanation. Both technologies will 

be demonstrated within STORE&GO. 

According to (J. Xu and Froment, 1989) there are 11 reactions that can take place in a methanation 

reactor, but three of those can describe the process: 

  𝐂𝐎 + 𝟑𝐇𝟐 ↔ 𝐂𝐇𝟒 + 𝐇𝟐𝐎    (R1)   Equation 2 

 𝐂𝐎𝟐 + 𝐇𝟐 ↔ 𝐂𝐎 + 𝐇𝟐𝐎     (R2)   Equation 3 

 𝐂𝐎𝟐 + 𝟒𝐇𝟐 ↔ 𝐂𝐇𝟒 + 𝟐𝐇𝟐𝐎    (R3)   Equation 4 

These reactions are named the methanation reaction (R1), the reverse water-gas shift (RWGS) re-

action (R2) and the Sabatier reaction (R3) (Zoss et al., 2016). Methanation is the reverse of methane 

steam reforming, which is currently the most important technique to produce hydrogen (Holladay et 

al., 2009).   

(Götz et al., 2016) give an extensive overview of catalytic methanation. For this, a catalyst is required 

for the production of methane. Several metals are suitable to serve as a methanation catalyst but 

nickel is most often used due to the high activity and methane selectivity and low raw material price. 

Nickel requires, however, high purity of the gas that is fed into the reactor, mainly with regard to the 

hydrogen sulphide (H2S) content, which can poison the catalyst (e.g. (Barbarossa and Vanga, 2011). 

There are several reactor types possible, with different research groups currently working on their 

development. The reactors are usually operated at temperatures in the range of 200 – 550 °C and 

the reaction is highly exothermic, making temperature control in the reactor an important issue. 

Biological methanation is different from chemical methanation and uses microorganisms (archea) 

instead of a catalyst for the conversion of hydrogen and CO2 into methane. It takes place under 

moderate conditions with low temperatures (20 – 70 °C) and ambient pressures. The main ad-

vantage of biological methanation over chemical methanation is that the archea can tolerate rela-

tively high concentrations of impurities, removing the need for a very pure stream of CO2 (Götz et 

al., 2016; Hofstetter et al., 2014). Nevertheless, after treatment might still be required depending on 

the further utilization.  

Biological methanation can take place in a separate reactor but can also be done in situ in a biomass 

digester (Bensmann et al., 2014; Götz et al., 2016). In the latter option, hydrogen is fed directly into 

a biomass digester where biomasses are digested to form biogas – a gas consisting out of predom-

inantly methane (roughly 60%) and CO2 (roughly 40%). Biogas can be used directly but can also be 

upgraded to biomethane by removing the CO2 and thereby upgrading the methane content of the 

gas, making injection into the natural gas grid possible. By adding hydrogen to the biomass digester, 

part of the CO2 can be converted into methane. This methanation method removes the need for an 

additional methanation reactor but the conversion is limited to the CO2 production rate of the biogas 

plant and total conversion of the produced CO2 might be difficult (Götz et al., 2016). 

In this report we only consider biological methanation in a separate reactor. In this method, any 

source of CO2 can be used, including CO2 from a biogas (upgrading) plant. Biological methanation 

is still in the development phase. (Götz et al., 2016) found that the supply of hydrogen to the micro-

organisms is the rate-limiting step in all reactor designs they investigated. Within STORE&GO, the 

Swiss demonstration site in Solothurn will be demonstrating the biological methanation. 
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Just as is the case with an electrolyser, a methanation reactor does not consist of a bare reactor 

only. Additional equipment is needed in the form of piping, measurement equipment, structure hous-

ing, gas purification, heating and cooling. The costs of these components – together forming the 

balance of plant (BoP) of the methanation reactor – need to be included in the final investment costs 

as well.  

Investment costs   

The methanation technology is, just as the electrolysis technology, currently still in the development 

phase and information on costs of methanation reactors is even more limited than it is for electrolys-

ers. For this reason, the indication of investment costs for methanation plants are fraught with great 

deal of uncertainty (currently there are no cost data of commercial facilities in the context of PtG 

available). As the manufacturers mostly keep current specific costs for methanation plants in confi-

dence, hardly any real costs could be determined. The reviewed literature sources provide therefore 

a rough estimate of the costs of a methanation reactor, for both chemical and biological methanation. 

The determination of investment costs is further complicated by a variety of different processes, 

reactor types and operating modes. Furthermore, in most of the analysed studies, the system bound-

aries of the indicated investment costs are not well defined, thus further limiting the comparability. 

Usually the specific investment costs are given in €/kWCH4 (rated CH4 output power). If the costs are 

related to the rated power of the electrolyser of the PtG plant the unit is €/kWel. The two can be 

converted into each other using the combined efficiency of the electrolysis and methanation process. 

Chemical methanation 

Two – rather old – literature sources report costs for methanation of biomass. (Gassner and Maré-

chal, 2009) investigate the impact of process pressure for thermochemical production of SNG from 

lignocellulosic biomass. For the methanation taking place at 15 bar specific costs of about 

190 €/kWSNG are expected compared to approx. 550 €/kWSNG at 1 bar. (Zwart et al., 2006) estimate 

the specific investment costs of a chemical methanation reactor at about 580 €/kWSNG for a 10 MWth 

bio-SNG plant (production of SNG from biomass) run at atmospheric pressure. For a larger plant 

with a power of 100 MWth, which is run at a pressure of 7 bar, the costs drop to about 107 €/kWSNG 

More recent literature sources report costs for methanation reactors in PtG plants.  

In a techno-economic study of PtG concepts, (Graf et al., 2014a) estimate the total investment costs 

(apparatus, steel construction, foundations, electrics, instrumentation, and engineering) of catalytic 

methanation plants for three different sizes (5 MWSNG, 30 MWSNG and 110 MWSNG). Depending on 

the size, the total investment costs for the plants are €1.5 million, €4.9 million or €12.1 million, which 

leads to specific investment costs of around 300 €/kWSNG, 160 €/kWSNG or 110 €/kWSNG. 

In a PtG system analysis, (Steinmüller et al., 2014) estimates investment costs for the methanation 

part of a PtG plant (electrical input 48 MW) to be about 140 €/kWel (~250 €/kWSNG).  

(Grond et al., 2013) provide a graph, based on several sources, for investment costs of chemical 

methanation plants against the rated power. Costs are decreasing with increasing capacity and are 

about 1,500 €/kWCH4, 1,000 €/kWCH4 and 750 €/kWCH4 for sizes of 1 MWCH4, 3 MWCH4 and 6 MWCH4 

respectively. This result in costs related to the input power of the electrolyser of about 840 €/kWel, 

560 €/kWel and 420 €/kWel (by assuming a combined efficiency of 56 %). However, it is mentioned, 

that due to the fact that currently no small methanation (< 20 MWCH4) plants are offered as a standard 

or mass-produced product on the market, the investment costs seem to be relatively high. The costs 

are expected to drop to 300 – 500 €/kWCH4 (170 – 280 €/kWel), if the market for small-scale methana-

tion develops. 

For an assessment of different PtG process chains, (Schiebahn et al., 2015) estimate the investment 

costs of a chemical methanation plant. Costs are estimated at 720 €/kWCH4, which is equal to ap-

proximately 400 €/kWel by assuming a combined efficiency of 56%. 
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(Götz et al., 2016) carried out a literature review on PtG. The specific investment costs reported in 

the study have a wide range from 130 – 1,500 €/kWSNG and are not very reliable. It is stated that the 

cost estimates from Outotec GmbH (see also (Graf et al., 2014a)) based on size might be most 

realistic: 400 €/kWSNG for a 5 MW and 130 €/kWSNG for a 110 MW plant. Other costs estimates are 

therefore probably too high. 

(Albrecht et al., 2013) analyse the costs of producing renewable gases. Specific investment costs 

for a 3.7 MWCH4 methanation plant are estimated for the current year (2013) as well as for the future. 

For 2013 and 2016 investment costs were estimated to be ~3,300 €/kWCH4 and ~2,000 €/kWCH4 re-

spectively, which is much higher than other estimates. It is noted, however, that the assumptions are 

rather conservative and that further cost reductions are conceivable but cannot be assessed on the 

basis of current data. 

Two of the three STORE&GO demonstration plants use chemical methanation. The plant in Falken-

hagen (Germany) uses a two stage chemical methanation. The first stage is a honeycomb and a 

wall coated reactor in parallel, but only one is used at the same time. The second stage is a fixed 

bed reactor for polishing the gas quality. All three catalytic methanation reactors use nickel as a 

catalyst. The costs for the plant are estimated at roughly €1.7 million including all equipment but 

excluding costs for construction, preparation, planning, installation and design. These costs are es-

timated at roughly €1.4 million, which is an addition of about 80% to the basic plant components 

costs. Especially costs for civil works are very high (~€600,000), which is due to current capacity 

issues in the construction industry. Potential costs savings of the complete plant are estimated at a 

maximum of 30%. The costs for the plant in Troia (Italy) are not known yet but an estimate can be 

given based on the grant proposal where planned costs were ~€0.9 million, including all components 

but excluding costs for installation planning and design. The plant in Falkenhagen is thus estimated 

to be much more expensive as the one in Troia but the plant is five times larger (1 MWj versus 0.2 

MW for the Italian plant), making the relative costs much lower. Related to the electrical input of the 

electrolyser, methanation reactor costs for the German and Italian demonstration plants (including 

only components) are equal to 1,700 and 4,400 €/kWel respectively, or 3,000 and 7,900 €/kWCH4 

(assuming a combined efficiency of 56%). The difference in costs confirms the effect of scale that 

was also found in literature. A detailed evaluation of the STORE&GO demonstration plants (including 

a cost evaluation) will be given in Deliverable 5.9k. 

Biological methanation 

In (Graf et al., 2014b) an assessment of biological methanation is performed. Specific investment 

costs for methanation reactors (including engineering, construction, machinery and peripherals but 

without the production and provision of hydrogen) are estimated based on information of two manu-

facturers and found to be in the range of 340 – 1200 €/kWSNG depending on the size (110 – 1 MW) 

and configuration of the plant. Out of all the investment costs, 65 – 80% is for the machinery, 8 – 

18% for the construction, around 10% for planning and design and 4 – 8% for other things. 

(Krassowski, 2012) mentions costs of ~1,150 €/kWSNG for rather small methanation plants (130 

kWSNG output) and ~100 €/kWSNG for larger plants (10 MWSNG output), indicating that scale has a 

very large impact. 

(Petersen, 2016) estimates the investment costs of biological methanation at 400 €/kWel for a 2 MWel 

PtG plant in the year 2017 (~715 €/kWSNG). At the beginning of the year 2016 costs were twice as 

high.  

                                                      

 

j Falkenhagen has a 2 MW electrolyser but the methanation part has only capacity for hydrogen of 1 MWel equivalent. 

k D5.9: Final report on evaluation of technologies and processes. Due date: 29 February 2020. 
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In a factsheet for biological methanation plants, (BVES, 2016) ranges the current specific investment 

costs from 700 to 1,500 €/kWCH4 for the bioreactor, engineering, approval and installation.  

(Grond et al., 2013) also provide a graph for investment costs of biological methanation against the 

capacity (it is mentioned, that the data are from (Krassowski, 2012) but they differ from each an-

other). The specific investment costs are decreasing with an increasing methane output of the plant 

and are about 320 €/kWCH4, 120 €/kWCH4 and 90 €/kWCH4 for an output power of 200 kW, 1,000 kW 

and 2,000 kW respectively.  

(Heller, 2017) quantifies the specific investment costs for a biological methanation demo plant (com-

bination with an electrolyser with a rated power of 1 MW) in the year 2016 with 1,200 €/kWel (~1,800 

€/kWCH4).  

(Budny et al., 2015) gives estimates for the total investment costs for a 5 MW PtG plant for hydrogen 

and methane, using biological methanation. For the PtG system, the estimate for the hydrogen plant 

is 600 €/kWel and for the methane plant 875 €/kWel, meaning that the (biological) methanation part 

costs 275 €/kWel (~490 €/kWSNG).  

Based on an analysis on a 1 MW biological methanation plant for a wastewater treatment plant done 

by the company Electrochaea, (Hofstetter et al., 2014) assumes investment costs of 145 CHF/kWel 

for the methanation reactor and another 337 CHF/kWel for the BoP of the methanation reactor, in 

total 482 CHF/kWel. This results in total specific investment costs for the methanation plant of about 

690 €/kWCH4 (overall efficiency 0.56; 1 EUR2014 = 1.2 CHF2014).  

One of the three demonstration plants in the STORE&GO project uses biological methanation. In 

this plant, located in Solothurn (Switzerland), the methanation takes place in a stirred vessel. The 

CAPEX of the complete system was estimated at ~€1.4 million in the grant proposal, which translates 

into ~2,000 €/kWel
l or ~3,500 €/kWCH4 (assuming a combined efficiency of 56%m). These costs are 

much higher than other reported costs. The reason for this is the cost intensive equipment that is 

used for evaluation of the technology within STORE&GO. A detailed evaluation of the STORE&GO 

demonstration plants (including a cost evaluation) will be given in deliverable 5.9n. 

Lifetime, efficiency and operational costs 

None of the above sources provides an estimate of the lifetime of the methanation reactor. Within 

the STORE&GO consortium, it is expected that the reactor could last for 20 years although replace-

ment of the catalyst (for chemical methanation) and maintenance is required, the frequency of which 

depending on the operation mode and plant design.  

It is important to specify the definition of efficiency of the methanation reactor. There is a difference 

between conversion rate and energetic efficiency of the reaction, whereby the latter can also include 

the use of heat that is produced by the methanation reactor, improving the overall efficiency. For 

calculation of the efficiency, the chemical energy of the final product should be considered – following 

the methodology presented in STORE&GO deliverable 5.2 or (Frank et al., 2018). The efficiency of 

the methanation reactor is then defined as the energy content of the final product to the energy 

content of the hydrogen. For calculating this, the higher heating value (HHV) of hydrogen and me-

thane should be used, which are 141.8 and 55.5 MJ/kg respectively.  

                                                      

 

l The plant in Solothurn has an electrolyser output of 60 Nm3/h but the methanation unit has an input of 120 Nm3/h.  

m First simulations in Solothurn showed a combined efficiency of about 40.5%, if a membrane is used to reach more than 

96 mol-% of CH4 and less than 2 mol-% H2 without circulation of the permeate, which would give costs of ~7050 

€/kWSNG. In Switzerland a limited injection with less strict requirements of the gas quality is possible and the efficiency is 

higher than 56%. 

n D5.9: Final report on evaluation of technologies and processes. Due date: 29 February 2020. 
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Table 6 shows the Sabatier reaction, translated into weight (kg) and energy content (MJ) using the 

molar masses and HHV of the substances for 100% and also 80% conversion.  

At 100% conversion, 1.0 kg of hydrogen can be converted into 2.0 kg of methane. Using the HHVs 

of the two substances this means that 1 MJ of hydrogen is converted in 0.7785 MJ of methane. This 

means that the energetic efficiency is limited to 77.85% at 100% conversion. At a conversion rate of 

80%, 1 MJ of hydrogen is converted into 0.6228 MJ of methane, thus indicating an efficiency of 

62.28%. Since there is still 20% of the hydrogen left (thus equal to 0.2 MJ), however, the overall 

energetic efficiency becomes 82.28%, when you take into account all final products. The lower the 

conversion rate, the higher the energetic efficiency: when the methanation reactor does not convert 

hydrogen at all (conversion rate is 0%), the energetic efficiency is 100%. 

Table 6: Sabatier reaction, weights and energy content (based on HHV) of the different substances 

Sabatier reaction (100%) 4H2 + CO2  CH4 + 2H2O   

kg (100% conversion) 1.0 + 5.5  2.0 + 4.5   

MJ (100% conversion) 1.0    0.7785     

Sabatier reaction (80%) 5H2 + CO2  CH4 + 2H2O + H2 

kg (80% conversion) 1.0 + 4.4  1.6 + 3.6 + 0.2 

MJ (80% conversion) 1.0    0.6228    0.2 
 

Several literature sources report efficiencies of methanation reactors but it is not always clear what 

is meant exactly. Many literature sources refer to other sources that in turn refer to rather old sources 

that discuss the conversion of biomass into synthetic natural gas (SNG). For example, (Lehner et 

al., 2014) assume an efficiency of 80% for the methanation reaction. They refer to (Grond et al., 

2013) where it is stated that the efficiency of chemical methanation is in the range of 70 – 85% based 

on sources that refer to the conversion of biomass into SNG. It is mentioned that the remaining 

energy is released as high temperature heat. For biological methanation, (Grond et al., 2013) as-

sume a very high efficiency of 95-100% based on personal communication with the company Elec-

trochaea. Because the energetic efficiency cannot be this high, it is likely that the terms efficiency 

and conversion rate are confused here. Biological methanation is unlikely to be more efficient than 

chemical methanation. (Schiebahn et al., 2015) also assume an efficiency of 80% for the methana-

tion reaction and state that due to the exothermic character of the Sabatier reaction, about 17% of 

the energy is released as heat, thereby limiting the maximum efficiency at 83%. Both (Lehner et al., 

2014) and (Schiebahn et al., 2015) assume an efficiency of 70% for the electrolyser, leading to a 

combined efficiency of 56% for the PtG plant. (Budny et al., 2015) assume an efficiency of 82% for 

the electrolysis and 78% for the methanation process, resulting in a combined efficiency of 64%. The 

Audi plant in Werlte reports a combined efficiency of 54% for the electrolysis and methanation pro-

cess (Rieke, 2013).  

(Hofstetter et al., 2014) define the efficiency as the ratio of output energy (HHV of the gas produced) 

to the input energy and states that for the methanation reaction the output gas is methane and the 

input energy is the hydrogen (HHV). This definition would imply that the energy content of potential 

hydrogen that is left is not taken into account in calculating the efficiency but the system-level effi-

ciency range of 77 – 82% that they report for biological methanation (based on literature and expert 

interviews) is higher than the theoretical maximum of 77.9%. (Parra and Patel, 2016) report the 

efficiency of chemical methanation to be in the range of 70 – 85% based on literature sources 

whereby the efficiency is defined as the ratio of the calorific value of the output and input gases.  

At the moment of writing, the STORE&GO demonstration sites are not in operation yet and real 

efficiencies of the methanation reactors cannot be given. The performance of the demonstration 
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sites will be evaluated later in the project, mainly in deliverable 5.9o. Due to the confusing aspect of 

the efficiency of the methanation reaction, it can be clearer to use the conversion rate as a cost 

parameter in business model calculations. 

Unfortunately, not many literature sources report the operational costs of methanation reactors. For 

biological methanation, (Hofstetter et al., 2014) assume operational costs to be equal to 5% of in-

vestment costs per year. Costs for nutrients are assumed to be negligible. (Budny et al., 2015) re-

ports operational costs for a PtG plant (5 MW electrical input) producing hydrogen and a plant with 

an additional biological methanation reactor. The difference in fixed yearly operation costs between 

the two plants refers to the biological methanation part of the plant and comes down to 4% of invest-

ment costs of the methanation reactor. (Grond et al., 2013) estimate operational costs for chemical 

methanation to be 10% of investment costs per year, including replacement costs of the catalyst. 

Several literature sources that discuss the economics of chemical methanation refer to this source 

for the operational costs (e.g. (Chiuta et al., 2016; Gutiérrez-Martín and Rodriguez-Anton, 2016). 

(Graf et al., 2014b) do not give specific numbers for the operational costs but calculate the SNG 

generation costs in biological and catalytic methanation plants. It is found that these costs are in a 

very similar range. In-situ biological methanation was found to have slight advantages over catalytic 

methanation, while external biological methanation is more expensive. For large plant sizes (110 

MW) catalytic methanation was found to be more profitable than biological methanation. (Giglio et 

al., 2015b) give a very detailed evaluation of operational costs for a PtG plant that integrates SOEC 

with catalytic methanation, thereby distinguishing between fixed operational costs (in €/y) and vari-

able operational costs (in €/h). The costs often refer to the whole plant and cannot easily be sepa-

rated for the methanation part only. For the STORE&GO demonstration plants, operational costs are 

not known yet.  

Summary 

Table 7 summarizes the ranges and base case assumptions of the cost parameters of methanation 

reactors (both chemical and biological methanation), including CAPEX, OPEX, lifetime and energetic 

efficiencies. For the CAPEX, ranges in the table are from the literature overview presented in this 

section. The base case estimates are based on the average and median of the values presented in 

this section (excluding the extremes). Investment costs for biological methanation are found to be 

slightly higher than those of chemical methanation, but this might be caused by the fact that this 

technology is less developed and average biological methanation plants are currently significantly 

smaller than chemical methanation plants. Overall, it can be concluded that the investment costs for 

methanation reactors are very uncertain and the ranges found are very large. The STORE&GO 

demonstration plant in Falkenhagen (Germany) reports costs to be in the upper range of the esti-

mates presented in the table (1500 €/kWSNG) and this still excludes costs for installation, preparation, 

construction, planning and design. In this report, those costs are taken into account separately, as 

will be discussed later in section 2.2. Just as for the electrolysers, the scale of the plant is important, 

and larger plants have lower investment costs. A more extended review of costs of methanation 

reactors – including economies of scale and learning curves – will be given later in the STORE&GO 

project in Deliverable 7.5p. The energetic efficiency is reported in Table 7 as 77.9% - indicating a 

conversion rate of 100%. The operational costs reported for chemical methanation are based on just 

one source and are therefore not very reliable. Also for biological methanation the operational costs 

are not very certain – being based on just two literature sources. 

Table 7: Base case assumptions and ranges for costs parameters of methanation reactors. 

                                                      

 

o D5.9: Final report on evaluation of technologies and processes. Due date: 29 February 2020. 

p D7.5: Report on experience curves and economies of scale. Due date: 31 October 2018 
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 Chemical methanation Biological methanation 

 Base 

case 

Range Base 

case 

Range 

CAPEX methanation reactor (€/kWSNG) 400 110 – 1500 (3300) 550 100 – 1500 (4300) 

Lifetime (years) 20 - 20 - 

Energetic efficiency (% HHV) 77.9% - 77.9% - 

OPEX (% of CAPEX) 10% - 5% 4 – 5%  
 

2.1.4 CO2 storage tank and compressor 

To convert hydrogen into methane, a source of CO2 is required. To guarantee a steady supply of 

CO2 to the reactor, a storage facility needs to be installed. The size of the storage facility depends 

on the source of CO2, the distance of the CO2 source to the PtG plant and how it is delivered to the 

PtG plant. The CO2 is usually stored in liquid form in a storage tank.  

In the STORE&GO demonstration plant in Falkenhagen (Germany), a 30 m3 storage tank for lique-

fied CO2 is installed to ensure an uninterrupted supply of CO2 to the plant. The tank stores CO2 at a 

pressure of 16 – 20 bar at –24 °C and can ensure 11 days of full load operation of the plant without 

refilling. At Falkenhagen, CO2 is delivered by truck. The tank is rented for a price of 42,000 €/year.  

In the STORE&GO demonstration plant of Solothurn (Switzerland), a buffer tank of 2 m3 (16 bar) is 

installed for storage of CO2. Investment costs are reported to be 20,000 CHF (~€17,000). Besides 

the CO2 storage tank itself there is also a compressor and pipeline needed. Costs of these are re-

ported to be 120,000 CHF (~€102,000) and 70,000 CHF (~€59,500) respectively, making the total 

investment costs for CO2 storage 210,000 CHF (€178,500). The compressor needs service every 

2000 operation hours, costs of which are reported to be €1,500. At full-time operation, four services 

are needed every year, leading to costs of €6,000 which is ~6% of CAPEX of the compressor.  

In the STORE&GO demonstration site in Troia (Italy) the CO2 is delivered by an air capture plant 

developed by (Climeworks, 2018). The produced CO2 will be compressed and stored in buffer tank. 

Investment costs for a gas balloon, compressor and buffer tank are €55,000. Operational costs are 

not known yet. 

Table 8 summarizes the costs of CO2 storage in the three STORE&GO demonstration sites. To be 

able to compare the costs better, the yearly costs have been translated into the present worth (PW) 

costs during 20 years, using a discount rate i of 6%. Furthermore, costs have been translated into 

the costs per MW installed electrolyser capacity to be able to compare the plants better. Costs for 

the plant in Troia are higher in practice, since yearly operational costs are not included here.  

Table 8: Costs for CO2 storage in the STORE&GO demonstration plants. Yearly costs have been 

translated into the costs during 20 years, using the present worth (PW) and a discount rate of 6%. 

 Falkenha-

gen 

Solothurn Troia 

Plant size (MW) 1 (2)q 0.7 (0.35)r 0.2 

Investment costs None €178,500 €55,000 

                                                      

 

q Falkenhagen has a 2 MW electrolyser but the methanation part has only capacity for hydrogen of 1 MWel equivalent. In 
the calculations for total costs per MW installed electrolyser capacity we therefore use 1 MW instead of 2 MW. 

r In Solothurn the methanation reactor has an input flow of 120 Nm3/h whereas the electrolyser output is 60 Nm3/h. In the 

calculations for total costs per MW installed electrolyser capacity we therefore use 0.7 MW instead of 0.35 MW. 
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Yearly costs €42,000 €6,000 Unknown 

Total costs (PW, 20 years) ~€482,000 ~€247,000 >€55,000 

Total costs per MW (PW, 20 years) ~€482,000 ~€353,000 >€275,000 
 

2.1.5 Compressors for hydrogen and methane 

A compressor is needed to inject hydrogen, methane or CO2 in a storage tank. Whether or not a 

compressor is required for injection of hydrogen or methane in the natural gas grid depends on the 

final pressure of the produced gas and the pressure in the grid. Different compressors are needed 

for different situations, and the design and costs depend on the pressure difference that needs to be 

overcome, the flow rate used and the type of gas that is compressed. In PtG plants, compressors 

might be needed for hydrogen, methane and CO2. Compressors for CO2 were shortly discussed 

together with CO2 storage tanks in the previous section. Here, hydrogen compressors will be dis-

cussed first, followed by some remarks on methane compressors.  

(André et al., 2014) provides a formula for the compression power P in kW for hydrogen compres-

sors: 

 𝑷 = 𝑸 ∗
𝒁𝑻𝑹

𝑴𝑯𝟐
∗𝜼𝒄𝒐𝒎𝒑

∗
𝑵𝜸

𝜸−𝟏
∗ [(

𝑷𝒐𝒖𝒕

𝑷𝒊𝒏
)

𝜸−𝟏

𝑵𝜸
− 𝟏]     Equation 5 

With in this formula:  

 Q the flow rate in kg s-1 

 Z the hydrogen compressibility factor: set at 1 as an approximation 

 T the temperature at the inlet of the compressor: set at 278 K 

 R the ideal gas constant: equal to 8.314 J K-1 mol-1 

 MH2 the molecular mass of hydrogen: equal to 2.016 g mol-1 

 η the compressor efficiency: chosen as 75% 

 N the number of compressor stages 

 γ the diatomic constant factor: equal to 1.4 

 Pin the inlet pressure of the compressor 

 Pout the outlet pressure of the compressor 

With this formula, the required power of the compressor can be calculated based on the flow rate 

and pressure difference that needs to be overcome. The maximum flow rate depends on the plant 

size, whereas the pressure difference depends on the destination of the gas: a pipeline or storage 

tank at a certain pressure. 

(André et al., 2014) also give a formula to calculate the energy consumption of a compressor: 

 𝑬𝒏𝒆𝒓𝒈𝒚 𝒄𝒐𝒏𝒔𝒖𝒎𝒑𝒕𝒊𝒐𝒏 𝒄𝒐𝒎𝒑𝒓𝒆𝒔𝒔𝒐𝒓 (𝑴𝑾𝒉) =
𝒉𝒐𝒖𝒓𝒔 𝒚𝒆𝒂𝒓⁄

𝑫𝑻𝑬
×  𝑷  Equation 6 

With P the power of the compressor in MW and DTE the Driver Thermal Efficiency, which is put at 

90%. The energy consumption of the compressor in MWh can be multiplied with the electricity costs 

to find the energy costs of the compressor. 

Estimates for investment costs of compressors vary widely in literature. The price can be expressed 

in €/kW (electrical input). Several literature sources report costs for hydrogen compressors in PtG 

applications. (Gammon et al., 2006) report costs for a 3.75 kW compressor with a flow rate of 11 

m3/h. They are estimated at £59,000 (€69,400), which translates into 18,500 €/kW. (Ozaki et al., 

2014) report costs for a 700 kW compressor with a flow-rate of 275 kg/h (3059 m3/h). Total invest-

ment costs consist not only of the costs for the compressor (827 million JPY) but also of costs for 

coolers (100 million JPY) in a cooling tower (30 million JPY) including construction work (6 million 

JPY), leading to a total of 963 million JPY (€8,100,000), which translates into 11,570 €/kW. (Ulleberg 

et al., 2010) report a significantly lower price for a hydrogen compressor of 5000 €/kW.  



D8.3 Report on the costs involved with PtG technologies and their potentials across the EU Page 27 of 51 

(Hofstetter et al., 2014) assumes a compressor is needed to inject the generated hydrogen in a high-

pressure transmission line. The investment costs for the compressor are estimated at 134 CHF/kW, 

which equals to roughly 144 €/kW. This amount is two orders of magnitude lower than the high 

estimates given by (Gammon et al., 2006; Ozaki et al., 2014). Transmission lines are operated in 

the pressure range of 50 – 70 bar, which is lower than the pressures in the storage tanks. Still, it 

appears to be a very low estimate of the price. (Ozaki et al., 2014) also discusses low-pressure (≈ 

8.5 bar) storage of hydrogen. The costs of the compressor belonging to this low-pressure storage 

are estimated at €636,350 for a 3060 m3/h flow and compressor of 100 kW. This results into an 

investment of 6365 €/kW, which is considerably lower than the high-pressure compressor (about 

half) in the same study but still much higher than the estimate of (Hofstetter et al., 2014). 

(Greiner et al., 2007) also give a relatively low estimate for hydrogen compressor costs of 700 €/kW. 

(X. Xu et al., 2017) estimates capital costs for a hydrogen compressor at 1000 $/kW (950 €/kW) and 

(André et al., 2014) estimate the costs of the compressor to be 2545 $/kW (2435 €/kW).  

(Yang and Ogden, 2007) give a formula for the CAPEX of the compressor, which is lower at higher 

kW: 

 𝑪𝑨𝑷𝑬𝑿 𝒄𝒐𝒎𝒑𝒓𝒆𝒔𝒔𝒐𝒓 ($) =  𝟏𝟓, 𝟎𝟎𝟎 ∗ (
𝑺𝒙

𝟏𝟎 𝒌𝑾
)

𝟎.𝟗

    Equation 7 

To illustrate this formula: CAPEX costs are about 1800 €/kW to 1000 €/kW for compressors of 1 to 

350 kW respectively.  

The above overview illustrates that it is difficult to determine a proper estimate for the compressor 

investment costs. Estimated prices range from as low as 144 €/kW to as high as 18,500 €/kW. The 

higher the flow rate and pressure difference that needs to be overcome, the higher the costs.  

The lifetime of the compressor is estimated at 10 (Greiner et al., 2007; Ramsden et al., 2008) or 12 

years (Ulleberg et al., 2010) – making replacement within a project lifetime of 20 years necessary. 

Operating and maintenance costs for the compressor are estimated at 4% (Greiner et al., 2007; 

Grond et al., 2013; Ramsden et al., 2008; Yang and Ogden, 2007), 3% (André et al., 2014) or 1.5% 

(Ulleberg et al., 2010) of CAPEX.  

In the STORE&GO demonstration plants, the use of compressors is limited. The plants in Falkenha-

gen (Germany) and Troia (Italy) do not use intermediate hydrogen storage and thus also do not need 

a hydrogen compressor here. The plant in Solothurn (Switzerland) uses intermediate hydrogen stor-

age but the storage tanks are filled to a maximum of 30 bar, which is the outlet pressure of the 

electrolyser. A hydrogen compressor is thus not used here. The plant in Falkenhagen (Germany) 

was originally producing hydrogen that was injected into the natural gas grid. The pressure in the 

grid that is used for injection of the produced gas is 48 bar, meaning that a compressor is necessary. 

Now that the plant is extended with a methanation reactor, the existing hydrogen compressors will 

still be used. If a compressor were designed specifically for methane, however, it would have been 

significantly smaller. Investment costs for the compressor from 10 to 55 bar are €600,000. In Solo-

thurn, the grid pressure is only 5 bar. Since the operation pressure is 10 bar, a compressor for grid 

injection of the produced methane is not needed here. In Troia (Italy) the produced methane is not 

injected into the gas grid but instead is liquefied and transported by trucks. Here, a compressor is 

needed for the liquefaction.  

Table 9: Base case assumptions and ranges for costs parameters of hydrogen compressors 

 Base case Range 

CAPEX hydrogen compressor (€/kW) - 144 – 18,500 

Lifetime 10 years 10 – 12 years 

OPEX (% of CAPEX) 3% 1.5 – 4% 
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Table 9 gives an overview of base case assumptions and ranges of the compressor cost parameters. 

The overview focuses on hydrogen compressors. Because the range in investment costs is very 

wide and the design of the compressor is very dependent on the situation, no base case value can 

be given.  

2.1.6 Pipelines 

The costs for a pipeline depend not only on the distance that needs to be bridged, but also on the 

pressure, flow of the gas, surroundings that need to be crossed and type of gas that needs to be 

transported. Because of this, it is important to differentiate between hydrogen and methane, trans-

mission (high-pressure) and distribution (low-pressure) pipelines and rural and urban areas. Several 

estimates from literature are discussed and compared in Figure 3. 

(Butenko et al., 2012) give estimates for methane pipeline costs of 65,000 and 400,000 €/km re-

spectively for distribution and transmission grids. The pipelines for transmission grids are more ex-

pensive due to the higher pressures and as a consequence higher requirements for the pipelines. 

(André et al., 2014) make a comparison between trucks and pipelines to transport hydrogen from 

large-scale production facilities to refuelling stations. A formula is given to determine the investment 

costs of hydrogen pipelines based on the diameter (D) of the pipeline in mm: 

 𝑪𝑨𝑷𝑬𝑿 ($/𝒌𝒎) = 𝟒𝟏𝟖𝟖𝟔𝟗 + 𝟕𝟔𝟐. 𝟖 ∗ 𝑫 + 𝟐𝟑𝟎𝟔 ∗ 𝑫𝟐    Equation 8 

(Castello et al., 2005) mentions that estimates for hydrogen pipelines vary widely (ranges between 

600,000 and 1,000,000 $/km) and are contradictory. They propose to take the capital costs of natural 

gas pipelines as a reference and include extra costs for hydrogen, which would be improvement of 

welding, joining, lining, coating, etc. The correction factor would range between 1.4 and 2.0 depend-

ing on the pipeline diameter and technology. Costs for methane and hydrogen transmission pipelines 

are represented by equations 6 and 7 respectively, with in these formula D the diameter of the pipe-

lines in meters. 

  𝑪𝑨𝑷𝑬𝑿 (𝑴$/𝒌𝒎) = 𝟏. 𝟗𝟖𝟗 ∗ 𝑫      Equation 9 

  𝑪𝑨𝑷𝑬𝑿 (𝑴$/𝒌𝒎) = 𝟒. 𝟏𝟎 ∗ 𝑫 − 𝟐. 𝟏𝟏 ∗ 𝑫𝟐    Equation 10 

According to (Castello et al., 2005), different rules apply for distribution pipelines. Costs for the con-

struction in heavily urbanized areas are very high compared to the pure material costs, making these 

pipeline costs not very dependent on pipeline length and diameter and which gas is transported. 

Costs were determined to be 100 and 500 €/m for areas with low or high urbanization respectively. 

The high price of 500 €/m was determined based on the replacement of piping in a trafficked road in 

the centre of a large European city, for which costs include identifying of other pipelines, cutting the 

existing road surface, divert traffic, etc.  

(Yang and Ogden, 2007) divide the costs for hydrogen pipelines in material costs and costs for 

installation, right-of-way and miscellaneous. The latter can vary greatly depending on the location. 

The installation costs are estimated at 300,000 and 600,000 $/km respectively for transmission (ru-

ral) pipelines and distribution (urban) pipelines. Transmission and distribution pipelines are classified 

as such only by their location (rural or urban), and not by pressure requirements. To the construction 

costs, material costs are added, which are calculated based on the diameter (D) in inches according 

to: 

 𝑷𝒊𝒑𝒆𝒍𝒊𝒏𝒆 𝒄𝒂𝒑𝒊𝒕𝒂𝒍 𝒄𝒐𝒔𝒕𝒔 ($/𝒌𝒎) = 𝟏𝟖𝟔𝟗 ∗ 𝑫𝟐     Equation 11 

Figure 3 presents the discussed cost estimates for hydrogen and methane transmission and distri-

bution pipelines in both rural and urban areas. Note that in this overview, transmission pipelines are 

cheaper than distribution pipelines according to (Yang and Ogden, 2007) because they are easier 

to install as they are in rural areas, whereas according to (Butenko et al., 2012) transmission pipe-

lines are more expensive due to higher pressures and thus higher requirements and costs. 
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Figure 3: Cost comparison of pipelines transporting methane and hydrogen from four different literature sources 

(André et al., 2014; Butenko et al., 2012; Castello et al., 2005; Yang and Ogden, 2007) with on the x-axis the diame-
ter in meters. The left and right graphs show cost estimates for transmission and distribution pipelines respectively. 
Dotted lines, normal lines and dashed lines show costs for methane, hydrogen and unspecified (both) pipelines re-

spectively. Estimates provided in dollars were converted into euros by using an exchange rate of $1 = €0.95.  

Based on the overview presented in Figure 3, several conclusions can be drawn. First, there is a 

large difference in costs of a pipeline depending on the location. In highly urbanized areas, a large 

part of the costs for a pipeline do not arise from the pipeline materials, but for the construction itself. 

Second, transmission pipelines are in general more expensive than distribution pipelines, due to the 

higher pressures and, as a consequence, higher specifications for the materials. Third, hydrogen 

pipelines are more expensive than pipelines for methane transportation, due to required improved 

joining, welding and coating. Costs are about 1.4 to 2.0 times as high, according to (Castello et al., 

2005). For distribution pipelines, the differences between methane and hydrogen are smaller – as 

the costs for digging and construction are by far the most important contributors here to the final 

costs.  

One can conclude that transmission pipelines are expensive because of the high requirements 

needed because of the high pressures, and distribution pipelines are much cheaper when looking at 

material costs, but due to the fact that most of them are in highly populated areas, costs can be very 

high and comparable to the transmission pipelines. Table 10 presents estimates for the different 

types of pipelines based on the literature sources that were discussed here.  

(Schoots et al., 2011) analysed investment costs of onshore transmission pipelines (30 cm diameter) 

for methane, hydrogen and CO2. It was found that investment costs for the pipelines vary strongly 

and are very dependent on the circumstances such as the country and region were they are built. 

Average costs were found to be 715,000, 788,000 and 854,000 $/km (~679,000, 749,000 and 

811,000 €/km) for methane, CO2 and hydrogen pipelines respectively, including costs for materials, 

labor, right-of-way and miscellaneous. The bandwidths of the cost estimates are very large (one 

order of magnitude) and labor costs represent roughly half of the total costs. The costs fall in the 

range of the costs presented in Figure 3.Transporting CO2 differs from transporting methane be-

cause at the general transportation pressure and temperature levels, CO2 is a supercritical fluid that 

requires booster stations with fluid pumps. The construction material can be the same as for methane 

pipelines: as long as the relative humidity stays low enough corrosion can be prevented. Hydrogen 

pipelines need different materials because hydrogen can diffuse into steel and cause hydrogen em-

brittlement and hydrogen attack. Transporting hydrogen at low pressures and temperatures avoids 

material corrosion. For higher energy flows more robust materials are needed which would lead to 

higher costs for both construction and operation and maintenance. The authors did not observe any 
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significant cost reductions throughout time and also do not expect serious cost reductions in the near 

future.  

In the STORE&GO demonstration sites, there are no very long pipelines for hydrogen or methane 

transport present. At the demonstration site in Troia (Italy), the produced gas will be liquefied on site. 

In Falkenhagen (Germany) and Solothurn (Switzerland) the produced methane will be transported 

over a short distance to be injected in the local gas grid. The plant in Solothurn reports investment 

costs of a 100m methane pipeline to be 10,000 CHF (€8,500) and a 55m hydrogen pipeline to be 

5,500 CHF (€4,675). Both pipelines have thus equal costs of 85,000 €/km, which is rather low com-

pared to the literature estimates.  

The lifetime of pipelines is estimated to be very long: (Qadrdan et al., 2015) for example estimates 

lifetime for transmission and distribution pipelines to be 60 and 80 years respectively. Operational 

costs for pipelines are estimated at 2% of investment costs (André et al., 2014; Butenko et al., 2012). 

Table 10: Cost estimates for transmission and (rural and urban) distribution pipelines for the transportation  

of hydrogen and methane, based on the estimates summarized in Figure 3. 

 Transmis-

sion 

Distribution 

  Rural Medium Urban 

CAPEX methane pipeline (€/km) 350,000 100,000 300,000 500,000 

CAPEX hydrogen pipeline (€/km) 600,000 350,000 450,000 550,000 

Lifetime 60 – 80 years 

OPEX (% of CAPEX) 2% 
 

2.1.7 Gas grid injection station 

Hydrogen produced in a PtG plant can be injected into the natural gas grid. It does, however, influ-

ence the combustion behaviour of the gas in the grid, and can therefore only be admixed up to a 

certain limit to prevent serious effects on material integrity. The allowable limit is location-specific 

and depends not only on the gas grid infrastructure but also on the specific end-users (Grond et al., 

2013; Müller-Syring et al., 2013). Every country has set its own, often conservative, limitations. In 

the Netherlands, for example, the current admixture limit is only 0.02% (de Joode, 2014; Grond et 

al., 2013) and it is planned to be increased up to 0.5% (Verhagen, 2012). In Germany, the hydrogen 

admixture limit is an order of magnitude higher. It is currently 5.0% (Schiebahn et al., 2015) and it is 

planned to be increased up to 10.0% (Grond et al., 2013) but only at locations that do not have 

technical limitations or safety issues. The two STORE&GO demonstration plants in Falkenhagen 

(Germany) and Solothurn (Switzerland) both report a maximum hydrogen limit of 2%. The admixture 

limit determines together with the location-specific grid characteristics (pipeline flow, pressure, di-

ameter, connected producers and end-users) the amount of hydrogen that can be injected.  

Another important effect of hydrogen admixture in the natural gas grid is the changing of the energy 

density of the gas in the grid. The volumetric energy density of hydrogen is one third of that of natural 

gas (13 vs. 39 MJ/m3) and thus a higher flow rate is required to meet the demand (Qadrdan et al., 

2015).  

Methane can be injected into the natural gas grid without the limitations that hydrogen has. The 

produced gas needs to fulfil certain quality requirements, however, before it can be injected, and the 

injection can still be restricted due to pipeline limitations. A limited gas demand during off-peak hours 

can be a bottleneck for the maximum amount of methane that can be injected continuously per hour.  

(Holstein et al., 2011) give costs for a gas grid injection station, including gas quality measurement 

equipment. For the gas quality measurement equipment, investment costs of €50,000 are assumed, 
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with operational costs of €10,000 per year. An injection point in the transmission grid is more expen-

sive than an injection point in the distribution grid: the investment costs are estimated at €350,000 

and €25,000 respectively.  

(Albrecht et al., 2013) reports costs for methane gas grid injection stations in Germany and mentions 

that here, 75% of the grid connection costs must be borne by the grid operator. The plant has to pay 

the remaining part of the grid connection costs with a maximum of €250,000. For gas production of 

116 m3/h and 465 m3/h (~ 2.2 and ~8.9 MW electrical input at an electrolyser efficiency of 69% and 

100% conversion in the methanation reactor) the investment costs in a 45 bar grid are estimated to 

be €79,979 and €250,000 respectively – the latter thus equal to the maximum.  

The STORE&GO demonstration plant in Falkenhagen (Germany) injects the produced methane in 

a transmission grid at a pressure of 55 bar. Investment costs are reported to be roughly €900,000 – 

including gas quality measurement and all other piping and instrumentation, but excluding a com-

pressor to compress the gas from 10 to 55 bar. The costs represent the total costs without differen-

tiating between costs made by the plant and gas grid operator.   

The STORE&GO demonstration plant in Solothurn (Switzerland) reports gas grid injection invest-

ment costs of 35,000 CHF (€29,750) and 50,000 CHF (€42,500) respectively for costs of the injection 

station and quality measurement. Additional costs for a pipeline (10,000 CHF) were presented al-

ready in the previous section. Together, investment costs for the gas grid injection station equal to 

85,000 CHF (€72,250). At this site, the produced gas is injected in a 5 bar grid.  

(Holstein et al., 2011) assumes that the operational costs of a gas grid injection station are 5% and 

2% of the investment costs for the transmission grid and distribution grid respectivelys. The 

STORE&GO demonstration plant in Solothurn reports annual operational costs of 2000 CHF 

(~€1700), which equals to 2% of investment costs. (Albrecht et al., 2013) states that there are no 

operational costs for the PtG plant since the gas grid operator is responsible for this and bears the 

costs.  

CAPEX and OPEX for the gas grid injection station vary with the chosen location, boundary condi-

tions, hourly gas production and pressure level in the grid. Table 11 presents the estimates for the 

investment and operational costs of the gas grid injection station, distinguishing between the distri-

bution grid (low pressure) and transmission grid (high pressure). For the investment costs of the 

transmission grid injection station, the maximum costs borne by the PtG plant in Germany are as-

sumed here. Real costs can be much higher.  

Table 11: Base case assumptions and ranges for costs parameters of gas grid injection stations 

 Base case Range 

CAPEX gas grid injection station (distribution) (€) 75,000 72,250 – 75,000 

CAPEX gas grid injection station (transmission) (€) 250,000 80,000 – 900,000 

Lifetime (years) NA NA 

OPEX distribution (% of CAPEX) 2% - 

OPEX transmission (% of CAPEX) 5% - 
 

2.1.8 Refuelling station 

It is expected that, once fuel cell electric vehicles (FCEVs) running on hydrogen acquire a significant 

market share, hydrogen from a PtG plant could best be sold in refuelling stations. High prices are 

                                                      

 

s For the transmission injection point, (Holstein et al., 2011) give the operational costs as a fixed number. This is con-

verted into a percentage to make it more comparable to the operational costs of the distribution grid. 
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expected for renewable hydrogen at refuelling stations, compared to prices for hydrogen that could 

be obtained elsewhere (e.g. (Breyer et al., 2015; Grueger et al., 2017). Also methane produced in a 

PtG plant can be sold as a fuel in the transportation sector. When the produced methane can be 

labelled greent, car owners can fuel their cars with green methane.  

The concurrent design of electrolysers and hydrogen refuelling stations has been discussed in liter-

ature (e.g. (Prince-Richard et al., 2005; Symes et al., 2012; Zhao and Brouwer, 2015). Different 

companies are already offering and building self-contained modules for hydrogen refuelling that con-

sist of an electrolyser, compressor, storage tank and dispenser (Hydrogenics, 2018b; ITM Power, 

2018). 

Depending on the circumstances, investments have to be done to be able to sell hydrogen to car 

owners. Assuming an already existing station, only a storage facility for the hydrogen – usually con-

sisting of bulk storage at moderate pressure followed by a high-pressure cascade storage for the 

actual filling (Katikaneni et al., 2014; Ramsden et al., 2008; X. Xu et al., 2017) – and one or more 

dispensers are needed.  

(Ramsden et al., 2008) estimates the price for two hydrogen dispensers in a refuelling station at 

$44,800, which is thus $22,400 (€21,280) per dispenser. (Katikaneni et al., 2014; X. Xu et al., 2017) 

both estimate the price of a dispenser at $30,000 (€28,500). The first assumes two dispensers are 

required at a refuelling station, while the latter assumes the number of dispensers to be dependent 

on the size of the fuel station. The number of dispensers is estimated to be 1, 2 and 4 dispensers for 

10, 1000 and 2000 kg/day stations.  

(Ramsden et al., 2008) estimate the lifetime of the dispenser at 10 years. They estimated operating 

and maintenance costs of dispensers to be 800 $/year for every dispenser, which equals to €1520 

per year for two dispensers. There are also labour costs and other costs for the refuelling station, 

but when it is assumed that an existing refuelling station is extended with a hydrogen-filling device 

extra costs for personnel will be limited.  

2.1.9 Oxygen and heat capture 

In the electrolysis process, electricity is used to split water into hydrogen and oxygen. Although the 

goal of a PtG plant is to produce hydrogen, oxygen is also produced in large quantities (0.5 m3 per 

m3 of hydrogen or 8 kg for every kg of hydrogen) and it could be sold as well, thereby potentially 

improving the overall efficiency and economics of the plant. Nevertheless, (Graf et al., 2014a) reports 

that all PtG plants currently vent their produced oxygen to the atmosphere. Within the STORE&GO 

project, also none of the demonstration plants will capture the oxygen. The potential of selling oxygen 

is considered to be low (Graf et al., 2014a), but there might be some exceptions, mainly in cases 

where the produced oxygen could be used on site (E&E Consultant, 2014). The location of the PtG 

plant is very important for the potential selling of oxygen (Hofstetter et al., 2014) just as the balance 

between production and demand. If oxygen demand is not very large relative to the supply of the 

PtG plant, large quantities of oxygen will be wasted (Kato et al., 2005) and capturing it might not be 

economically feasible. To be able to sell the produced oxygen, it must be captured. Not many litera-

ture sources report costs for capturing the oxygen. (Hofstetter et al., 2014) reports investment costs 

for oxygen capture to be 24,100 CHF (€20,485).  

Heat is another by-product of a PtG plant. The heat released from the electrolyser or a biological 

methanation reactor is relatively low-temperature heat. All STORE&GO demonstration plants report 

that the temperature of the released heat is too low to make it useable. Heat from a chemical 

                                                      

 

t The issue whether or not methane produced in a PtG plant is “green” or not depends on both the source of the electric-

ity in the electrolyser as well as on the source of CO2 that is used. This topic is addressed already in STORE&GO deliv-

erable 8.1: Exploring the future for green gases. Due date: 31 Augustus 2017. 
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methanation reactor can be of quite high-temperature. The potential for selling heat is strongly de-

pendent on the location, as heat cannot be transported over long distances without considerable 

loss of energy. When heat can be used, investment and operational costs for coolers is reduced, 

just as the costs heating elsewhere. 

2.2 Total investment and yearly operational costs of PtG plants 

Besides the general investment costs for all separate components, extra costs have to be added for 

installation, land preparation, project planning, design, engineering, civil and site, control and safety, 

etc. Costs for these things are usually expressed as a percentage of total investment costs. Some 

literature sources that mention the investment costs for electrolysers specifically mention that these 

additional costs for installation, planning and design are already included (e.g. (de Bucy, 2016). For 

most literature sources, however, this is unclear. In this report, costs are taken into account for prep-

aration, planning, design and installation. It is assumed these costs are 28% of the total investment 

costs for the equipment of the plant – following (Leonzio, 2017; Ramsden et al., 2008). Real costs 

can be higher, as is reported for example by the STORE&GO demonstration plant in Falkenhagen 

(Germany) for the methanation reactor. Here, additional costs for planning, preparation, construc-

tion, installation and design were 80% of the investment costs of the methanation plant components. 

The current capacity issues in the construction industry and the fact that the methanation reactors 

are relatively new cause these high costs, among others.  

Table 12 gives an overview of the investment costs for a PtG plant producing methane using biolog-

ical or chemical methanation. For simplicity, numbers are given for a plant with a 1 MW electrolyser, 

but the reported costs are valid for PtG plants with 1 – 5 MW electrolyser capacity and scale linearly 

with size (i.e. a PtG plant with a 2 MW electrolyser is twice as expensive as the plant presented in 

the table). For all investment costs, the base case assumptions presented earlier in this chapter are 

taken.  

For the electrolyser, system costs of 1180 €/kW are taken into account, assuming an alkaline elec-

trolyser is used as this is currently the cheapest type of electrolyser. We assume that the hydrogen 

storage tank is relatively small and can buffer 4 hours of full-load electrolyser production, similar to 

what is installed in the STORE&GO demonstration plant in Troia (Italy). For a 1 MW electrolyser with 

an efficiency of 69%, this means the storage tank must be able to store 780 m3 of hydrogen. Invest-

ment costs are assumed to be 100 €/m3 for storage in steel tanksu, which means total investment 

costs for the hydrogen storage are ~€78,000. It is assumed that a hydrogen compressor is not re-

quired. For the CO2 storage costs estimates from the Solothurn (Switzerland) plant are followedv, 

scaled to fit a 1 MW plant: €255,000 for a storage tank, compressor and pipeline. For the methana-

tion reactor we assume investment costs of 400 and 550 €/kWSNG respectively for chemical and 

biological methanation. Assuming efficiencies of 69% for the electrolyser and 77.9% for the methana-

tion (100% conversion), which is a combined efficiency of 53.8%, this translates into investment 

costs of ~215 and ~296 €/kWel respectively for chemical and biological methanation. In the table, the 

produced methane is assumed to be injected in a local distribution grid, with investment costs of 

€75,000, including the injection point and measurement equipment. No compressor is needed for 

this injection in the grid.  

                                                      

 

u Note that a typical salt cavern has a size of 500,000 – 700,000 m3 and a working gas capacity of 8.5 kg/m3 (see section 

2.1.2.2). This would mean a typical salt cavern (500,000 m3) could hold 4.25 million kg of hydrogen, which is equal to 

over 47 million Nm3 of hydrogen, which is a completely different order of magnitude than the storage of only 4 hours of 

production mentioned here. 

v The reason fort his is the fact that this STORE&GO demonstration plant is the only plant for which both investment 

costs and operational costs are currently available.  
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Table 12: Current investment costs for a PtG plant producing methane, based on a 1 MW electrolyser 

 Component Chemical 

methanation 

Biological 

methanation 

1 Electrolyser system (alkaline) €1,180,000 €1,180,000 

2 Hydrogen storage €78,000 €78,000 

3 CO2 storage facility €255,000 €255,000 

4 Methanation reactor (system) €215,000 €296,000 

5 Gas grid injection station €75,000 €75,000 

Total components €1,803,000 €1,884,000 

Installation, planning, design (28%) €504,840 €527,520 

Total (million €) €2.31 million €2.41 million 
 

Table 12 makes clear that the electrolyser is by far the most important component of a PtG plant in 

terms of costs. The investment costs are roughly half of the total investment costs of the plant for 

both the chemical and biological methanation plant. The methanation reactor adds about 9 – 12% to 

the total costs, depending on the technology used. The investment costs of the hydrogen storage 

facility are very limited here, but it has to be noted that the assumed size (4 hours of storage capacity) 

is quite low – especially for a PtG plant that would adapt to fluctuating electricity prices or fluctuating 

power output from e.g. a wind farm. In addition, extra costs for hydrogen pipelines and compressors 

are not included. In many plant configurations the costs for hydrogen storage are therefore likely to 

be higher.     

The fixed operational and maintenance costs of a PtG plant consist amongst others out of admin-

istration, insurance and inspection and maintenance of the equipment including spare parts and 

personnel costs. The costs are made independent of the amount of hours the plant is in operation 

(although more maintenance might be required when the equipment is more intensively used). The 

costs do not include end-of-life replacement and are defined as a % of CAPEX for the different 

components that were specified earlier in this chapter. For the CO2 storage facility we follow the 

costs specified by the demonstration site in Solothurn (Switzerland) that has operational costs of 

roughly 6000 €/year which is ~3.5% of CAPEX per year. As was said before, operational costs for 

the methanation reactors are based on just two sources: one for each technology and are therefore 

not very reliable. The fact that operational costs for the chemical methanation plant are higher than 

those of the biological methanation plant is based on just these two sources.  

Table 13 shows the operation and maintenance costs of the different types of PtG plants.  

Table 13: Operational and maintenance costs for a PtG plant with biological and chemical methanation. The costs are 

defined as a percentage of the investment costs, where the investment costs are taken from Table 12. 

Component % of 

CAPEX 

Chemical 

methanation 

% of 

CAPEX 

Biological 

methanation 

Electrolyser system  4% €47,200 4% €47,200 

Hydrogen storage 1.5% €1,170 1.5% €1,170 

CO2 storage facility 3.5% €8,925 3.5% €8,925 

Methanation reactor (system) 10% €21,500 5% €14,800 

Gas grid injection station 2% €1,500 2% €1,500 

Total yearly O&M costs (€) ~€80,000 ~€74,000 
 

All components with a lifetime shorter than 20 years need replacement within a project lifetime. 

These include the electrolyser and the compressors, which both need replacement after roughly 10 

years. For calculations of e.g. hydrogen or methane production costs including all costs over the 
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whole lifetime of a plant, these replacement costs need to be incorporated. This is not included yet 

in the operational costs presented in Table 13. 
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3 Feedstock costs of PtG plants 

3.1 Water 

Water is relatively cheap and its costs do not add much to the total costs of operating an electrolyser. 

In the Netherlands, water prices are based on a fixed tariff for the water per m3, a tariff for the water 

connection per year, depending on the size of the connection and taxes for the first 300 m3 of water 

that is delivered (Vitens, 2017). The fixed tariff in 2017 at the company Vitens (delivering water to a 

large part of the Netherlands) is equal to 0.668 €/m3 (including VAT). For a PtG plant, the additional 

charge for the connection and the taxes for the first 300 m3 do not add much to this number, due to 

the large amounts of water consumed in the plant. Because of that, it is possible to assume a fixed 

price of 0.69 €/m3 (0.00069 €/kg) for further business model calculations, no matter the scale and 

operating mode of the plant.w  

The actual requirement of water is more than the theoretical amount based on stoichiometrics. This 

would be roughly 0.8 L/m3 hydrogen whereas electrolyser manufacturers report tap water consump-

tions in the range of 0.9 – 2.0 L/m3 hydrogen (Hydrogenics, 2016; Nel, 2018; Siemens, 2017). As-

suming the need for water to be 200% of the stoichiometric need (1.6 L/m3), 17.9 kg water is needed 

to produce 1 kg of hydrogen, which means water costs are 0.01233 €/kg hydrogen. 

To calculate the water costs for methane production, the efficiency or conversion rate of the 

methanation reaction is required, in addition to the information already given. Assuming a conversion 

rate of 100% (77.9% efficiency), 2 kg of methane can be produced from 1 kg of hydrogen (see also 

Table 6), which means that 9 kg of water is needed to produce 1 kg of methane. Costs of water are 

0.00620 €/kg methane. 

3.2 Electricity 

Electricity is the most important feedstock of a PtG plant. Together with the investment costs, it 

basically determines the hydrogen production costs.  

3.2.1 Electricity markets 

Power producers and consumers can plan their production and consumption in electricity markets. 

Electricity can be traded years before actual delivery in forward markets but also close to real time 

in short-term electricity markets. The most important electricity market in terms of traded volume and 

number of market participants is the day-ahead (DA) market. In the DA market, market participants 

place bids for every hour with the volume and price of the electricity they want to sell or buy. Based 

on all the bids, computer algorithms on exchanges determine a market price for every hourx. The DA 

market closes one day before delivery. After closure of the DA market, the intraday (ID) market 

opens. In the ID market, power producers and consumers can adapt their market position using new 

information that became available after closure of the DA market. Examples of this are new weather 

forecasts – changing the expected wind or solar production – or information about plant outages. 

The ID market closes just before actual delivery starts: 60, 30, 20 or 5 minutes before, depending 

on the country. After closure of the ID market, the transmission grid operator (TSO) becomes re-

sponsible for balancing the electricity grid. Power production and consumption need to be in balance 

all the time and market participants have the responsibility to maintain this balance and stick to the 

scheduled production or consumption. Nevertheless, deviations from the schedule will occur – if only 

                                                      

 

w In other countries, costs for water can be significantly higher than they are in the Netherlands. In Switzerland, for exam-

ple, costs for water are generally more than 2 CHF/m3 (1.7 €/m3) (Schweizerische Eidgenossenschaft, 2018) 

x In addition to trade at exchange platforms, there is also Over-the-Counter trading where brokers set the price. 
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because the weather and demand cannot be predicted with 100% accuracy – and TSOs need to be 

able to activate reserve capacity.  

The provision of these reserve capacities is arranged on forehand in the balancing market. Power 

producers and consumers can offer (part of) their capacity to this balancing market. When neces-

sary, they will be activated. Most electricity markets have three types of control reserve capacities, 

varying in their activation time and duration: primary control, secondary control and minute (tertiary) 

control. Primary control needs to be activated immediately as soon as deviations in the grid occur. 

Power producers and consumers offering primary control need to be able to offer both positive and 

negative control – i.e. they need to be able to both decrease and increase their power production or 

consumption. The power plants receive a fee for offering the reserve capacity. In secondary and 

minute control, power producers and consumers can choose whether they offer negative control 

(needed when too much electricity is fed into the grid, thus requiring increased consumption or de-

creased production) or positive control (needed when production is lower than consumption, thus 

requiring decreased consumption or increased production). In these reserve capacity markets, 

power consumers and producers receive a fee when they are actually used for balancing the grid, 

in addition to the fee for offering the reserve capacity. 

PtG plants can buy electricity in long-term forward markets or in short-term DA or ID markets. They 

could also offer (part of) their capacity to the balancing market. The latter is discussed in several 

literature sources. Surprisingly, these sources are not conclusive on which market (primary, second-

ary, minute, positive or negative control) is the best option for a PtG plant to participate. (Guinot et 

al., 2015) and (Breyer et al., 2015) both state that a PtG plant could best participate in the primary 

reserve market, while others (e.g. (Baumann et al., 2013; Grueger et al., 2017; Kopp et al., 2017; 

Kroniger and Madlener, 2014; Lück et al., 2017) state that this is not an option and propose partici-

pating in the secondary or minute control reserve market. The choice for the different control reserve 

markets seems to be mainly influenced by the assumed technical limitations of the electrolyser: is it 

fast enough to deal with the prerequisites of the primary control reserve. The fact that plants offering 

primary control need to be able to both deliver negative and positive control is also a reason why 

some literature sources (Baumann et al., 2013; Kopp et al., 2017) state that primary control is not 

an option as it would require the electrolyser to run at base load, of which costs would be too high 

and exceed possible revenues of the primary reserve capacity price. For the same reason, these 

authors also only consider negative (secondary and minute) control. (Lück et al., 2017), on the other 

hand, found that positive control was more profitable than negative control due to the operation 

scheme. Operation in the DA spot market, however, was found to be most profitable.  

In this report, we will further use recent DA electricity prices in Germany and the Netherlands. 

3.2.2 DA electricity prices 

When a PtG plant is operated continuously throughout the year, the costs for electricity are based 

on the average electricity price. Figure 4 shows recent average DA electricity prices in Germany and 

the Netherlandsy. The increase observed in Germany in 2017 was not limited to Germany. Also other 

countries such as France and Denmark showed higher average DA electricity prices in 2017 than in 

earlier years (Bloomberg LP, 2017; Nord Pool, 2017). 

It is important to note that costs for electricity are not limited to the DA price for most power consum-

ers. There are additional costs in the form of fees and taxes. Germany, for example, has the EEG 

surcharge: an amount of money consumers have to pay on top of the electricity price for stimulating 

renewable energy in Germany. Since it was introduced, the EEG surcharge is increasing every year 

and nowadays (since 2013) it is higher than the average DA market price, reaching 68.80 €/MWh in 

                                                      

 

y For the Netherlands, no data are currently available for 2017 
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2017. Some large power consumers are exempted from paying the EEG surcharge, but at the mo-

ment existing PtG pilot plants are not. For further evaluation of the PtG business case in this report 

we only take into account the market prices (DA) of electricity, but it is important to keep in mind that 

costs are usually higher in reality. 

 

Figure 4: Recent average DA electricity prices in Germany and the Netherlands. Source: (Bloomberg LP, 2017) 

It is often stated that PtG can be used to absorb surpluses of renewable energy in times of high 

wind or solar production and that a PtG plant can profit from low and even negative electricity 

prices. To assess the potential of PtG, it is interesting to know how often these low electricity prices 

occur and whether the electricity price patterns vary (strongly) among countries and years. Figure 

5 shows electricity price patterns (average price for the X% cheapest hours in a year) for Germany 

and the Netherlands for the different years. 
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Figure 5: Average electricity prices in cheapest x% of the hours in Germany and the Netherlands (Bloomberg LP, 

2017) 

Using Figure 5 one can determine the average electricity price when operating a PtG plant during 

the cheapest x% hours of the year. This is quite different for the different years in the two countries. 

For example in the Netherlands, operating a PtG plant during the cheapest 20% of the year in 2013 

gave an average electricity price of 32.96 €/MWh, which is already higher than the average electricity 

price over the whole year 2016 (32.24 €/MWh). Operating the plant during the cheapest 20% of the 

hours in this year gave an average price of only 19.66 €/MWh. 

It is interesting to see that whereas Germany shows a significant amount of hours with negative 

electricity prices, these negative prices do not occur at all in the Netherlands. The share of the neg-

ative prices is, however, also in Germany limited. Taking into account the cheapest 5% of the hours, 

the average electricity price is already positive for the years 2013 – 2016. In 2017, more negative 

prices occurred: the price was negative during 145 hours (1.7% of the time) and for the cheapest 

5% of the hours, the average price was found to be -4.52 €/MWh.  

3.3 CO2 

In addition to water and electricity, a PtM plant also requires CO2 as a feedstock. There are many 

different sources of CO2 that can be used for methanation of hydrogen. The costs for capturing CO2 

are not easy to define in general and depend strongly on the concentration of CO2 in the source 

stream and the underlying process. It is therefore reasonable to relate the costs of CO2 to the CO2 

source. The options can be grouped in three main categories: fossil sources, biogenic sources and 

ambient air. The different sources of CO2 and their (acceptability as) input for green gas production 

have been discussed already in deliverable 8.1.z Here, the different sources of CO2 will be shortly 

discussed with regard to potential and costs. An extensive overview of the availability of CO2 sources 

within Europe will be given in a later stage of the STORE&GO project in Deliverables 8.7aa and 8.9bb. 

3.3.1 Fossil sources 

Fossil sources of CO2 include power plants and industrial sources. There are on-going discussions 

whether or not fossil sources of CO2 should be accepted as an input for green gas production. Some 

state that the origin of the CO2 is not important and does not influence the sustainability of the pro-

duced gas (e.g. (Meier et al., 2017). The CO2 is only reused before it is eventually emitted to the 

atmosphere and therefore it does not matter whether this reused CO2 is from fossil or biogenic origin, 

as long as it is not produced specifically for the methanation process. Others claim that total green-

house gas emissions are lower when biogenic or atmospheric CO2 sources are used instead of fossil 

sources (e.g. (Meylan et al., 2017). An argument that is often used against the use of fossil CO2 

sources is that this could legitimize the continuation of a fossil plant. This could be an issue, for 

example, for coal-fired power plants. For some industrial sources, however, this might be less rele-

vant when they have no green alternatives and will therefore continue to exist and emit CO2 anyway. 

An example of this is the cement production industry. Valorisation of these unavoidable CO2 sources 

can help decreasing industrial GHG emissions (Meylan et al., 2017).  

Most CO2 sources from industry require a CO2 capture and upgrading of the captured gas to remove 

poisoning trace gases before it can be used. This upgrading is expensive and decreases the energy 

                                                      

 

z Deliverable 8.1: Exploring the future for green gases. Due date 31 August 2017. 

aa D8.7: Report on the data sources, assumptions and extrapolation methods used for GIS-based modelling of the EU-

wide potential for PtG-based storage and “green gas” delivery. Due date: 30 April 2019 

bb D8.9: Report on a detailed regional analysis of optimal locations of PtG activity, regional drivers and barriers, visual-

ised in a EU-wide set of power-to-gas maps. Due date: 29 February 2020 
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efficiency. Power plants and industrial sources with low CO2 contents are therefore not preferred. 

Some industrial sources have relatively high-purity CO2 streams, which would be more suitable (Götz 

et al., 2016).  

(Bains et al., 2017) give an overview of capturing CO2 from industrial sources, including cost estima-

tions for the top CO2 emitting industries in the United States. Highest costs were calculated for nat-

ural gas plants (75 – 100 $/tCO2), which is mainly due to the low CO2 content in the flue gases (3 – 

5 mol%). For cement production industries, costs were estimated at 26 – 42 $/tCO2 and for iron and 

steel production at 31 – 35 $/tCO2. Lowest costs were estimated for industrial processes with CO2 

purity >95%, which include natural gas processing, ethylene oxide, hydrogen, ammonia and ethanol 

production. These pure streams basically only need dehydration and compression. Still, capital costs 

for building a capture system and OPEX costs for operating it are needed, resulting in total costs of 

14 $/tCO2.  

(Reiter and Lindorfer, 2015) evaluate CO2 sources for PtG applications with regard to capture costs, 

specific energy requirement and CO2 penalties. The specific costs for CO2 capture for industrial 

processes are further divided into branches of industry. The capture costs for CO2 from ammonia 

production range from 23 – 54 €/t CO2. Capture costs from refineries are higher, about 44 – 

94 €/t CO2. From all the analysed industrial processes, the iron and steel industry have the lowest 

capture cost at about 16 – 41 €/t CO2. The cement industry also makes a major contribution to CO2 

emissions. In order to capture this CO2, costs of about 33 - 69 €/t CO2 have to be expected. The 

costs for CO2 capture form fossil power plants depend on the capture technology (Post-combustion, 

pre-combustion and oxyfuel) as well on the fuel for the combustion (coal or natural gas). 

(NETL, 2014) also present estimates for costs of CO2 capture from industrial sources. For iron/steel 

and cement industries with a relatively low purity of CO2 costs are estimated to be around 100 $/tCO2. 

For industries with high purities of CO2 (>99%) such as ethanol, ammonia, ethylene and natural gas 

processing industries, capture costs of CO2 are estimated to be in the range of 18 – 30 $/tCO2.  

(Schiebahn et al., 2015) gives some cost estimates for the different kinds of CO2 based on literature 

sources and estimates these to be in the range of 20 – 60 €/t for CO2 from fossil power plants. For 

CO2 from industrial processes, no cost estimates are given.  

3.3.2 Biogenic sources 

Biogenic sources such as anaerobic digesters, bioethanol plants or wastewater treatment plants are 

very suitable for delivering CO2 to PtG plants, amongst others, because the sources are widely ac-

cepted as an input for green gas production. Biogas upgrading plants with feed-in to the natural gas 

grid provide a source of otherwise unused CO2. (Trost et al., 2012) estimate the costs of CO2 extrac-

tion from biogas plants to be roughly 90 €/tCO2. For this, it is assumed that CO2 extraction in biogas 

plants is approximately €0.12 per standard cubic metre of methane for medium scaled plants, fol-

lowing (Fraunhofer Umsicht, 2009), and that the CO2 fraction in the raw biogas is equal to 40%. 

Since the effort of removing the CO2 from the biogas is already done for the retrieval of biomethane, 

however, costs of the CO2 for the PtG plant can also assumed to be zero. Using biogas as source 

for CO2 it should also be kept in mind that raw biogas CH4/CO2-mixture can be used for further 

methanation without any additional treatment. So if it is not mandatory to separate the feed-in of the 

biogas from the methanation process, additional costs for CO2 sequestration can be totally avoided 

(Trost et al., 2012).  

The costs for CO2 from a bioethanol plant as source behave similarly. Within the fermentation pro-

cess a high quality stream of CO2 is accumulated as a by-product. If only considering this as a 

potential source, the sequestration costs limit to the costs for eventually necessary compression of 

the gas, which can be assumed to be about 18 €/t CO2 (Laude et al., 2011). If the bioethanol plant 

uses cogeneration for energy provision and capturing CO2 from the cogeneration process should 

also be considered, costs are between €50 (Möllersten et al., 2003) and €110 (Laude et al., 2011) 

per ton CO2 (capturing and compression). 
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According to (Reiter and Lindorfer, 2015) the costs for CO2 from biogas treatment and bioethanol 

production are very low: about 5 – 9 €/tCO2. This is due to the already high purity, which only requires 

a drying step for further utilization.  

Sewage gas producing wastewater treatment plants as a source for CO2 have almost the same 

preconditions as biogas plants. As the incoming sewage gas is also a high quality mixture of methane 

and carbon dioxide it can also be directly used in a following methanation process without further 

treatment and therefor no additional costs for sequestration of CO2. If, out of any reason, the sepa-

ration of CH4 and CO2 is really needed, same costs as mentioned for biogas treatment (90 €/tCO2) 

can be assumed. 

Limitations on the direct usability of biogenic CO2 streams from fermentation processes for methana-

tion may result from gas contaminants and trace substances known as catalyst poisons (H2S, silox-

anes, etc.). 

(Schiebahn et al., 2015) gives some cost estimates for the different kinds of CO2 based on literature 

sources and assume that CO2 from biomass is available free of charge, except for potential trans-

portation costs.  

Two STORE&GO demonstration sites use a biogenic source of CO2 for their methanation process. 

The plant in Falkenhagen (Germany) uses CO2 from a sugar / bio-ethanol factory using material of 

100% biogenic origin. The produced CO2 is usually sold to the beverage industry. The CO2 is trans-

ported over a distance of 300 km by trucks and stored on site in liquid form in a CO2 storage tank. 

Costs for the CO2 are reported to be ~130 €/tCO2. The sugar / bio-ethanol plant is usually selling the 

CO2 to the beverage industry and therefore asks a price. Additionally, the transport over 300 km by 

trucks also brings costs. The plant in Solothurn (Switzerland) uses CO2 from a wastewater treatment 

plant that is transported through a pipeline of 2.55 km to the methanation plant. The CO2 is received 

here at no charge, as it would be sent to the incineration if the PtG plant did not use it.  

Although biogenic plants seem to be the most ideal sources of CO2, the average size of the CO2 

sources is rather small. For example, (McKenna et al., 2018) studied possible CO2 sources for PtG 

in the Baden-Württemberg region in Germany and found a total of 915 biogas plants in the area with 

total CO2 emission of 835 kt CO2 per year. On average, the plants thus emit less than 1 kt CO2 per 

year. To compare: a PtG plant with a 1 MW electrolyser (efficiency 67%) and methanation reactor 

(efficiency 77.9%) would need 0.8 kt CO2 per year for full time operation. Thus, an average biogas 

plant would not be able to deliver CO2 for plants larger than 1.1 MW. According to the map shown 

by (McKenna et al., 2018), sizes of biogas and biomethane plants vary between 100 and 12,300 t 

CO2 per year. The largest plants are thus able to supply a PtG plant with a 15 MW electrolyser, 

assuming full time operation and the same efficiency assumptions.  

3.3.3 Ambient air 

Another possibility to gather CO2 for a PtG plant is ambient air extraction. The main advantage of 

this option is that there are no site restrictions and that it can in principal be done everywhere. The 

concentration of CO2 in the atmosphere is, however, only roughly 400 ppm and it needs to be con-

centrated to an almost pure form, which is a very energy intensive and expensive process (Schie-

bahn et al., 2015).  

The technology is still in an early development phase and cost estimates vary widely: e.g. (Trost et 

al., 2012) estimates the costs at ~160 $/t whereas (House et al., 2011) estimates them at ~1000 $/t. 

The latter estimates future costs to decrease to ~300 $/t. (Lackner, 2010) estimates future costs of 

30 $/tCO2. All these sources refer to capture by sorption processes. Condensation in cryogenic dis-

tillation processes or separation from air with membranes are other options, but these options are 

presumed to be intense in energy usage (Trost et al., 2012).  

A report by (Socolow et al., 2011) differentiates between the costs of pure CO2 separation and the 

costs of reducing CO2 in the atmosphere, which means, taking into account the energy sources 
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required for the separation. The reported costs are 610 – 780 $ and 430 – 550 $ per ton CO2, re-

spectively. In an optimization process, these costs could subsequently be reduced by another 10 – 

20 % (Mazzotti et al., 2013). According to (Zeman, 2014) the costs reported by (Socolow et al., 2011) 

can be reduced to approximately 310 $/tCO2 by adjusting the separation process. 

In the STORE&GO demonstration plant in Troia (Italy) CO2 is extracted from ambient air. To do so, 

thermal energy and electricity is required. The company Climeworks who is developing the air ex-

traction plant in Troia expects CO2 production costs to be in the range of 80 – 120 €/t CO2 for com-

mercial scale plants with favourable energy costs (low price for waste heat of 100 °C). 

The most extreme estimates differ by an order of magnitude. (Ishimoto et al., 2017) also found this 

huge difference between costs estimates of direct air capture (DAC) reported by academic literature 

and the companies building the technology. The authors state that none of them are more prone to 

cost biases but the reason for the big discrepancies is the deep uncertainty in the costs.   

3.3.4 Cost comparison 

The costs for CO2 capture from the literature screening for different CO2 sources (fossil, biogenic 

and ambient air) are summarized in Figure 6. The green highlighted CO2 sources in the figure are 

utilized for capturing CO2 within the STORE&GO demonstration plants. 
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Figure 6: Costs for CO2 capture from the three STORE&GO demonstration sites and different literature sources, in-

cluding: (Bains et al., 2017; House et al., 2011; Lackner, 2010; Laude et al., 2011; Mazzotti et al., 2013; NETL, 2014; 
Reiter and Lindorfer, 2015; Schiebahn et al., 2015; Socolow et al., 2011; Trost et al., 2012; Zeman, 2014) 

In general, with the exception of direct air capture, the costs for CO2 capture are roughly 50 €/t CO2. 

However, it must be mentioned that for biomass/wastewater and bioethanol the costs can also be 

significantly lower, about 5 €/t CO2. The costs for CO2 capture from chemical industry can also be 

lower due to the already high purity of CO2 in the gas stream. In contrast, the costs for CO2 from 

direct air capture are comparatively high and varies in wide range of about 150 – 360 €/t CO2. The 

reason for this is the still early stage of development as well as the low concentration of CO2 in the 

air, which requires a high amount of energy for the separation. On the other hand, for direct air 

capture there is still a high potential for development in reducing costs. 
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4 Conclusions and discussion with regard to the potential of 
PtG 

This report gives an overview of current costs of PtG plants. Combining all current costs, it is possible 

to calculate the methane production costs of PtG.   

Figure 7 shows the methane production costs plotted against the yearly production hours (as a per-

centage of the year), using the data presented in this report with chemical methanation (which is the 

cheapest option of the two in terms of investment costs, as presented in Table 12) and electricity 

prices in Germany in 2016 (the lowest electricity prices as shown in Figure 4 and Figure 5). For CO2, 

costs of 50 €/tCO2 are assumed. The calculations show the overall methane production costs over 

a project lifetime of 20 years and include the replacement costs of the electrolyser stack (assumed 

to be 30% of the total electrolyser system costs) after 10 years. A discount rate of 6% was used for 

the calculations. Very low yearly operating hours (<15% of the year) are excluded from the graph 

since total methane production costs become very high there (6.78, 13.20, 65.08 €/m3 for operating 

the plant during 10, 5 or 1% of the year respectively).  

 

Figure 7: Methane production costs against yearly operating hours (% of the year) using all cost assumptions 

presented in this report and DA electricity prices of Germany in 2016. 

Figure 7 shows that for full time operation of a PtG plant, methane production costs become 1.30 

€/m3. These costs are roughly divided into 43% electricity costs, 37% CAPEX and 13% OPEX and 

7% for CO2. For lower operating hours, the share of CAPEX and OPEX increases, as these fixed 

yearly costs need to be divided among a smaller amount of yearly methane production. Electricity 

costs become lower if only cheap electricity can be purchased, but this does not compensate for the 

increased burden of CAPEX and OPEX on the production costs. Costs for water are negligible in all 

cases (adding a maximum of 0.3% to the total costs). 

The production costs of methane from PtG plants can be compared to current costs of natural gas. 

In the Netherlands, for example, natural gas costs for households are roughly 0.63 €/m3. Out of this, 

0.25 €/m3 is paid for the gas, the remaining is taxes (Milieu Centraal, 2017). The costs presented in 

Figure 7 are thus significantly higher than the current natural gas price, indicating that at the moment, 

methane from PtG cannot compete with natural gas. Natural gas does not consist entirely out of 

methane – the Dutch (Groningen) gas contains for example roughly 83% methane (GasTerra, 2018) 

– but even when this is taken into account methane from PtG cannot compete with fossil methane. 
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Even when a (significant) price increase is taken into account for the green character of the produced 

gas (assuming renewable electricity is used and the source of CO2 is also accepted for green gas 

production) as opposed to the fossil methane, it cannot compete. 

As can be seen in Figure 7, the methane production costs are very dependent on the CAPEX – 

especially for lower operating hours. Table 12 shows that the electrolyser is by far the most expen-

sive component of a PtG plant. A reduction in the electrolyser investment costs would thus signifi-

cantly impact the methane production price.  

The electrolyser technology is currently still in development. Many literature sources expect signifi-

cant reductions in costs in the (near) future. Some literature sources – e.g. (Bertuccioli et al., 2014) 

and (Schiebahn et al., 2015) – expect that the large difference in investment costs between PEM 

and alkaline electrolysers will disappear and that both technologies might reach investment costs of 

500 – 600 €/kWel – half that of today costs of alkaline electrolysers. (Noack et al., 2014) estimates 

future (~2030) investment costs for 100 MW alkaline and PEM electrolyser systems to be about 520 

and 300 €/kW respectively. (Schenuit et al., 2016) estimate future (beyond 2030) costs of both alka-

line and PEM electrolysers to be 700 €/kW.  

A detailed analysis of potential electrolyser cost reductions will be given in a later Deliverable in the 

STORE&GO projectcc. Here, we shortly illustrate the effect of a decrease by half for the electrolyser 

CAPEX (from 1180 to 590 €/kW) in Figure 8.  

 

Figure 8: Methane production costs against yearly operating hours (% of the year) similar as in Figure 7 but 

with reduced electrolyser investment costs (from 1180 to 590 €/kW). 

The methane production costs are decreased significantly, especially for low operating hours. For 

continuous operation of the plant, methane production costs are decreased from 1.30 to 1.09 €/m3 

(a reduction of 16%). Operating the plant for 95% of the time, however, leads to (slightly) lower 

production costs of 1.08 €/m3, but this is still more than four times the current price of natural gas. 

For full time operation, the costs are roughly divided into 51% electricity costs, 29% CAPEX, 11% 

OPEX and 8% CO2. Costs for water add only 0.4% to the total costs at most.  

                                                      

 

cc D7.5: Report on experience curves and economies of scale. Due date: 31 October 2018 
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Summarised, producing methane in a PtG plant cannot compete with natural gas prices today, even 

when electrolyser investment costs decrease by half. Although a PtG plant could profit from low – or 

even negative – electricity prices during times of high shares of renewable electricity generation, the 

high investment costs of the plant require intensive use of the plant to amortize the costs over larger 

production volumes. It is important to note, however, that a PtG plant will operate only when the 

marginal costs do not exceed the marginal revenues – assuming the plant does not need to operate 

continuously because of e.g. a lack of storage capacity or delivery obligations. Thus, when the elec-

tricity price becomes too high such that the methane revenues cannot cover it, the plant will not 

operate even though overall higher production volumes would lower the CAPEX and OPEX per kg 

produced methane.  

In the future, many things could change that would improve the business case of PtG. Besides a 

reduction in electrolyser investment costs, also the CAPEX of other parts of the PtG plant could 

decrease. The electricity prices could also change: a further reduction in the average price but also 

a different pattern with more hours with low prices would improve the PtG business case. One has 

to note, however, that electricity prices used in the calculations presented here are already the lowest 

prices that have been observed in recent years (DA prices in Germany 2016 without any taxes). 

Future electricity prices are difficult to predict and both further decreases and increases are expected 

in literature. In general, it is expected that electricity prices decrease as the share of renewable 

energy power generation with very low marginal costs increase. In the long-run, however, the grow-

ing share of variable renewables will influence the power generation capacity mix leading to more 

balanced prices (Green et al., 2011; Helistö et al., 2017).  

Another important factor for the PtG business case that is not covered in this report is the revenue 

that can be received for the produced methane. The methane has to compete with natural gas – 

although the revenues could be higher due to the green character of the gas, as opposed to the 

fossil nature or natural gas. The market perspective of green gases is a topic that will be further 

investigated in deliverable 8.5dd. In the future, natural gas prices are expected to increase – both 

because of an increased commodity price as well as due to higher CO2 emission prices. Methane 

produced in a PtG plant can become more competitive with natural gas under these circumstances.  

 

 

 

 

                                                      

 

dd D8.5: Study describing the short, medium and long-term perspectives of various market segments for “green gases”. 

Due date: 31 October 2018 



D8.3 Report on the costs involved with PtG technologies and their potentials across the EU Page 46 of 51 

Bibliography 

Albrecht, U., Altmann, M., Michalski, J., Raksha, T., Weindorf, W., 2013. Analyse der kosten 
erneuerbarer gase. Bundesverband Erneuerbare Energie e.V., Bochum, Germany. 

Amid, A., Mignard, D., Wilkinson, M., 2016. Seasonal storage of hydrogen in a depleted natural 
gas reservoir. International Journal of Hydrogen Energy 41, 5549–5558. 
doi:10.1016/j.ijhydene.2016.02.036 

André, J., Auray, S., De Wolf, D., Memmah, M.-M., Simonnet, A., 2014. Time development of new 
hydrogen transmission pipeline networks for France. International Journal of Hydrogen Energy 
39, 10323–10337. doi:10.1016/j.ijhydene.2014.04.190 

Antoni, J.L., Kostka, J., 2012. Wege zur Wirtschaftlichkeit von Power-to-Gas-Anlagen. DVGW 
Jahresrevue 100–102. 

Bains, P., Psarras, P., Wilcox, J., 2017. CO2 capture from the industry sector. Progress in Energy 

and Combustion Science 63, 146–172. doi:10.1016/j.pecs.2017.07.001 
Barbarossa, V., Vanga, G., 2011. Methanation of Carbon Dioxide, in:. Presented at the XXXIV 

Meeting of the Italian Section of the Combustion Institute. 
Baumann, C., Schuster, R., Moser, A., 2013. Economic potential of power-to-gas energy storages, 

in:. Presented at the 2013 10th International Conference on the European Energy Market 
(EEM 2013), IEEE, pp. 1–6. doi:10.1109/EEM.2013.6607315 

Bensmann, A., Hanke-Rauschenbach, R., Heyer, R., Kohrs, F., Benndorf, D., Reichl, U., 
Sundmacher, K., 2014. Biological methanation of hydrogen within biogas plants: A model-
based feasibility study. Applied Energy 134, 413–425. doi:10.1016/j.apenergy.2014.08.047 

Bertuccioli, L., Chan, A., Hart, D., Lehner, F., Madden, B., 2014. Development of Water Electroly-
sis in the European Union. Fuel Cells and Hydrogen Joint Undertaking. 

Bičáková, O., Straka, P., 2012. Production of hydrogen from renewable resources and its effective-
ness. International Journal of Hydrogen Energy 37, 11563–11578. 

Bloomberg LP, 2017. Electricity prices. 
Breyer, C., Tsupari, E., Tikka, V., Vainikka, P., 2015. Power-to-Gas as an Emerging Profitable 

Business Through Creating an Integrated Value Chain. Energy Procedia 73, 182–189. 
doi:10.1016/j.egypro.2015.07.668 

Budny, C., Madlener, R., Hilgers, C., 2015. Economic feasibility of pipe storage and underground 
reservoir storage options for power-to-gas load balancing. Energy Conversion and Manage-
ment 102, 258–266. doi:10.1016/j.enconman.2015.04.070 

Butenko, A., Boots, M., Holstein, J., 2012. Injecting green gas into the grid, Dutch example. DNV 
KEMA Energy & Sustainability. 

BVES, 2016. Fact Sheet Speichertechnologien: Methan-Speicherung. Bundesverband Ener-
giespeicher. 

Carr, S., Premier, G.C., Guwy, A.J., Dinsdale, R.M., 2014. Hydrogen storage and demand to in-
crease wind power onto electricity distribution networks. International Journal of Hydrogen En-
ergy 39, 10195–10207. doi:10.1016/j.ijhydene.2014.04.145 

Castello, P., Tzimas, E., Moretto, P., Peteves, S.D., 2005. Techno-economic assessment of hydro-
gen transmission & distribution systems in Europe in the medium and long term. European 
Commission. 

Chiuta, S., Engelbrecht, N., Human, G., Bessarabov, D.G., 2016. Techno-economic assessment of 
power-to-methane and power-to-syngas business models for sustainable carbon dioxide utili-
zation in coal-to-liquid facilities. Journal of CO2 Utilization 16, 399–411. 
doi:10.1016/j.jcou.2016.10.001 

Climeworks (Ed.), 2018. Climeworks - Capturing CO2 from air. Climeworks. URL 

http://www.climeworks.com/ (accessed 1.30.18). 
Crotogino, F., Donadei, S., Bünger, U., Landinger, H., 2010. Large-Scale Hydrogen Underground 

Storage for Securing Future Energy Supplies, in: Stolten, D., Grube, T. (Eds.), Parallel Ses-
sions Book 4: Storage Systems / Policy Perspectives, Initiatives and Cooperations. 18th World 
Hydrogen Energy Conference 2010. 

Darras, C., Bastien, G., Muselli, M., Poggi, P., Champel, B., Serre-Combe, P., 2015. Techno-eco-
nomic analysis of PV/H2 systems. International Journal of Hydrogen Energy 40, 9049–9060. 

doi:10.1016/j.ijhydene.2015.05.112 
de Bucy, J., 2016. The Potential of Power-to-Gas. enea consulting. 



D8.3 Report on the costs involved with PtG technologies and their potentials across the EU Page 47 of 51 

de Joode, J., 2014. Exploring the role for power-to-gas in the future Dutch energy system. ECN / 
DNVGL. 

E&E Consultant, 2014. Etude portant sur l’hydrogène et la méthanation comme procédé de valori-
sation de l’électricité excédentaire. 

Energieinstitut an der JKU Linz, 2018. Costs of electrolysers - internal information from different 
projects (confidential). 

Energinet dk, Energi Styrelsen, 2012. Technology Data for Energy Plants: Generation of Electricity 
and District Heating, Energy Storage and Energy Carrier Generation and Conversion. 

Felgenhauer, M., Hamacher, T., 2015. State-of-the-art of commercial electrolyzers and on-site hy-
drogen generation for logistic vehicles in South Carolina. International Journal of Hydrogen En-
ergy 40, 2084–2090. doi:10.1016/j.ijhydene.2014.12.043 

Frank, E., Gorre, J., Ruoss, F., Friedl, M., 2018. Calculation and analysis of efficiencies and annual 
performances of Power- to-Gas systems. Applied Energy 218, 217–231. doi:10.1016/j.apen-
ergy.2018.02.105 

Fraunhofer Umsicht, 2009. Verbundprojekt Biogaseinspeisung. Fraunhofer Umsicht. 
Gahleitner, G., 2013. Hydrogen from renewable electricity: An international review of power-to-gas 

pilot plants for stationary applications. International Journal of Hydrogen Energy 38, 2039–
2061. doi:10.1016/j.ijhydene.2012.12.010 

Gammon, R., Roy, A., Barton, J., 2006. Hydrogen And Renewables Integration (HARI). Loughbor-
ough University, UK. 

Gassner, M., Maréchal, F., 2009. Thermo-economic process model for thermochemical production 
of Synthetic Natural Gas (SNG) from lignocellulosic biomass. Biomass and bioenergy 33, 
1587–1604. doi:10.1016/j.biombioe.2009.08.004 

GasTerra, 2018. Wat is aardgas? [WWW Document]. URL https://www.gasterra.nl/over-gas-
terra/wat-is-aardgas (accessed 4.12.18). 

Giglio, E., Deorsola, F.A., Gruber, M., Harth, S.R., Morosanu, E.A., Trimis, D., Bensaid, S., Pirone, 
R., 2018. Power-to-Gas through High Temperature Electrolysis and Carbon Dioxide Methana-
tion: Reactor Design and Process Modeling. Industrial & Engineering Chemistry Research. 
doi:10.1021/acs.iecr.8b00477 

Giglio, E., Lanzini, A., Santarelli, M., Leone, P., 2015a. Synthetic natural gas via integrated high-
temperature electrolysis and methanation: Part I—Energy performance. Journal of Energy 
Storage 1, 22–37. doi:10.1016/j.est.2015.04.002 

Giglio, E., Lanzini, A., Santarelli, M., Leone, P., 2015b. Synthetic natural gas via integrated high-
temperature electrolysis and methanation: Part II—Economic analysis. Journal of Energy Stor-
age 2, 64–79. doi:10.1016/j.est.2015.06.004 

Glockner, R., Aaberg, R.J., Ulleberg, Ø., 2006. HSAPS Market analysis project (No. Contract No. 
4.1030/Z/01-101/200). H-SAPS. 

Görner, K., Lindenberger, D., 2015. Technologiecharakterisierungen in Form von Steckbriefen. 
Beitrag zum Vorprojekt. Virtuelles Institut: Strom zu Gas und Wärme - Flexibilisierungsop-
tionen im Strom-Gas-Wärme-System. 

Götz, M., Lefebvre, J., Mörs, F., McDaniel Koch, A., Graf, F., Bajohr, S., Reimert, R., Kolb, T., 
2016. Renewable Power-to-Gas: A technological and economic review. Renewable Energy 85, 
1371–1390. doi:10.1016/j.renene.2015.07.066 

Graf, F., Götz, M., Henel, M., Schaaf, T., Tichler, R., 2014a. Technoökonomische Studie von 
Power-to-Gas-Konzepten (No. G 3/01/12 TP B-D). DVGW Deutscher Verein des Gas- und 
Wasserfaches. 

Graf, F., Krajete, A., Schmack, U., 2014b. Techno-ökonomische Studie zur biologischen 
Methanisierung bei Power-to-Gas-Konzepten. Abschlussbericht (No. G 3/01/13 ). DVGW 
Deutscher Verein des Gas- und Wasserfaches. 

Green, R., Hu, H., Vasilakos, N., 2011. Turning the wind into hydrogen: The long-run impact on 
electricity prices and generating capacity. Energy Policy 39, 3992–3998. doi:10.1016/j.en-
pol.2010.11.007 

Greiner, C.J., Korpås, M., Holen, A.T., 2007. A Norwegian case study on the production of hydro-
gen from wind power. International Journal of Hydrogen Energy 32, 1500–1507. 
doi:10.1016/j.ijhydene.2006.10.030 

Grond, L., Schulze, P., Holstein, J., 2013. Systems Analyses Power to Gas (No. GCS 13.R.23579). 
DNV KEMA Energy & Sustainability, Groningen, the Netherlands. 



D8.3 Report on the costs involved with PtG technologies and their potentials across the EU Page 48 of 51 

Grueger, F., Möhrke, F., Robinius, M., Stolten, D., 2017. Early power to gas applications: Reducing 
wind farm forecast errors and providing secondary control reserve. Applied Energy 192, 551–
562. doi:10.1016/j.apenergy.2016.06.131 

Guinot, B., Montignac, F., Champel, B., 2015. Profitability of an electrolysis based hydrogen pro-
duction plant providing grid balancing services. International Journal of Hydrogen Energy 40, 
8778–8787. doi:10.1016/j.ijhydene.2015.05.033 

Gutiérrez-Martín, F., Rodriguez-Anton, L.M., 2016. Power-to-SNG technology for energy storage at 
large scales. International Journal of Hydrogen Energy 41, 19290–19303. 
doi:10.1016/j.ijhydene.2016.07.097 

Helistö, N., Kiviluoma, J., Holttinen, H., 2017. Sensitivity of electricity prices in energy-only markets 
with large amounts of zero marginal cost generation, in:. Presented at the 14th International 
Conference on the European Energy Market (EEM) 2017. doi:10.1109/EEM.2017.7981893 

Heller, T., 2017. Aufbereitung von Biogas durch Biologische Methanisierung, in:. Presented at the 
12. Biogastag Baden-Württemberg, Schloss Hohenheim, p. 23. 

HELMETH (Ed.), 2018. Integrated High-Temperature ELectrolysis and METHanation for Effective 
Power to Gas Conversion. HELMETH. URL http://www.helmeth.eu/ (accessed 3.15.18). 

Hofstetter, D., Battke, B., Cox, B., Hughes, J., 2014. Power-to-Gas in Switzerland. Electrochaea. 
Holladay, J.D., Hu, J., King, D.L., Wang, Y., 2009. An overview of hydrogen production technolo-

gies. Catalysis Today 139, 244–260. doi:10.1016/j.cattod.2008.08.039 
Holstein, J., Bakker, R.P.W., Grond, L., Vos, M., 2011. Overstort van het distributienet naar het 

landelijke transport (No. GCS.11.R.21940). DNV KEMA Energy & Sustainability, Groningen. 
House, K.Z., Baclig, A.C., Ranjan, M., van Nierop, E.A., Wilcox, J., Herzog, H.J., 2011. Economic 

and energetic analysis of capturing CO2 from ambient air. Proc. Natl. Acad. Sci. U.S.A. 108, 
20428–20433. doi:10.1073/pnas.1012253108 

Hydrogenics, 2017. Hydrogenics’ HyLYZER® 600. 
Hydrogenics, 2016. Renewable Hydrogen Solutions. 
Hydrogenics (Ed.), 2018a. Industrial Hydrogen Generators by Electrolysis. Hydrogenics. URL 

http://www.hydrogenics.com/hydrogen-products-solutions/industrial-hydrogen-generators-by-
electrolysis/ (accessed 1.26.18a). 

Hydrogenics (Ed.), 2018b. HySTAT hydrogen fueling stations. Hydrogenics. URL http://www.hydro-
genics.com/hydrogen-products-solutions/energy-storage-fueling-solutions/hydrogen-fueling-
stations/ (accessed 1.4.18b). 

Ishimoto, Y., Sugiyama, M., Kato, E., Moriyama, R., Tsuzuki, K., Kurosawa, A., 2017. Putting 
Costs of Direct Air Capture in Context. FCEA Working Paper Series 002. 

ITM Power (Ed.), 2018. HFuel. ITM Power. URL http://www.itm-power.com/product/hfuel (ac-
cessed 1.4.18). 

Karellas, S., Tzouganatos, N., 2014. Comparison of the performance of compressed-air and hydro-
gen energy storage systems: Karpathos island case study. Renewable and Sustainable En-
ergy Reviews 29, 865–882. doi:10.1016/j.rser.2013.07.019 

Katikaneni, S.P., Al-Muhaish, F., Harale, A., Pham, T.V., 2014. On-site hydrogen production from 
transportation fuels: An overview and techno-economic assessment. International Journal of 
Hydrogen Energy 39, 4331–4350. doi:10.1016/j.ijhydene.2013.12.172 

Kato, T., Kubota, M., Kobayashi, N., Suzuoki, Y., 2005. Effective utilization of by-product oxygen 
from electrolysis hydrogen production. Energy 30, 2580–2595. 

Kepplinger, J., Crotogino, F., Donadei, S., Wohlers, M., 2011. Present Trends in Compressed Air 
Energy and Hydrogen Storage in Germany. Solution Mining Research Institute (SMRI), York, 
United Kingdom. 

Kopp, M., Coleman, D., Stiller, C., Scheffer, K., 2017. Energiepark Mainz: Technical and economic 
analysis of the worldwide largest Power-to-Gas plant with PEM electrolysis. International Jour-
nal of Hydrogen Energy 42, 13311–13320. doi:10.1016/j.ijhydene.2016.12.145 

Krassowski, J., 2012. Power-to-Gas-Technologien als Baustein in einem 
regenerativen Energiesystem: 
Ansätze zur Systemintegration in der Altmark, in:. 
Kroniger, D., Madlener, R., 2014. Hydrogen storage for wind parks: A real options evaluation for an 

optimal investment in more flexibility. Applied Energy 136, 931–946. doi:10.1016/j.apen-
ergy.2014.04.041 

Lackner, K.S., 2010. Washing carbon out of the air. Scientific American 302, 66–71. 



D8.3 Report on the costs involved with PtG technologies and their potentials across the EU Page 49 of 51 

Laude, A., Ricci, O., Bureau, G., Royer-Adnot, J., Fabbri, A., 2011. CO2 capture and storage from 

a bioethanol plant: Carbon and energy footprint and economic assessment. International Jour-
nal of Greenhouse Gas Control 5, 1220–1231. doi:10.1016/j.ijggc.2011.06.004 

Le Duigou, A., Bader, A.-G., Lanoix, J.-C., Nadau, L., 2017. Relevance and costs of large scale un-
derground hydrogen storage in France. International Journal of Hydrogen Energy 42, 22987–
23003. doi:10.1016/j.ijhydene.2017.06.239 

Lehner, M., Tichler, R., Steinmüller, H., Koppe, M., 2014. Power-to-Gas: Technology and Business 
Models. Springer. doi:10.1007/978-3-319-03995-4 

Leonzio, G., 2017. Design and feasibility analysis of a Power-to-Gas plant in Germany. Journal of 
Cleaner Production 162, 609–623. doi:10.1016/j.jclepro.2017.05.168 

Linnemann, J., Steinberger-Wilckens, R., 2007. Realistic costs of wind-hydrogen vehicle fuel pro-
duction. International Journal of Hydrogen Energy 32, 1492–1499. 
doi:10.1016/j.ijhydene.2006.10.029 

Lord, A.S., Kobos, P.H., Borns, D.J., 2014. Geologic storage of hydrogen: Scaling up to meet city 
transportation demands. International Journal of Hydrogen Energy 39, 15570–15582. 
doi:10.1016/j.ijhydene.2014.07.121 

Lück, L., Larscheid, P., Maaz, A., Moser, A., 2017. Economic Potential of Water Electrolysis within 
Future Electricity Markets, in:. Presented at the 14th International Conference on the European 
Energy Market (EEM) 2017. doi:10.1109/EEM.2017.7981950 

Mazzotti, M., Baciocchi, R., Desmond, M.J., Socolow, R.H., 2013. Direct air capture of CO2 with 

chemicals: optimization of a two-loop hydroxide carbonate system using a countercurrent air-
liquid contactor. Climate Change 118, 119–135. doi:10.1007/s10584-012-0679-y 

McKenna, R.C., Bchini, Q., Weinand, J.M., Michaelis, J., König, S., Köppel, W., Fichtner, W., 2018. 
The future role of Power-to-Gas in the energy transition: Regional and local techno-economic 
analyses in Baden-Württemberg. Applied Energy 212, 386–400. doi:10.1016/j.apen-
ergy.2017.12.017 

Meier, B., Ruoss, F., Friedl, M., 2017. Investigation of Carbon Flows in Switzerland with the Spe-
cial Consideration of Carbon Dioxide as a Feedstock for Sustainable Energy Carriers. Energy 
Technology 5, 864–876. doi:10.1002/ente.201600554 

Meylan, F.D., Piguet, F.P., Erkman, S., 2017. Power-to-gas through CO2 methanation: Assess-

ment of the carbon balance regarding EU directives. Journal of Energy Storage 11, 16–24. 
Milieu Centraal, 2017. Energieprijzen [WWW Document]. Milieu Centraal. URL https://www.milieu-

centraal.nl/energie-besparen/snel-besparen/grip-op-je-energierekening/energieprijzen/ (ac-
cessed 2.23.18). 

Möllersten, K., Yan, J., Moreira, J.R., 2003. Potential market niches for biomass energy with CO2 

capture and storage—Opportunities for energy supply with negative CO2 emissions. Biomass 

and bioenergy 25, 273–285. doi:10.1016/S0961-9534(03)00013-8 
Müller-Syring, G., Henel, M., Köppel, W., Mlaker, H., 2013. Entwicklung von modularen Konzepten 

zur Erzeugung, Speicherung und Einspeisung von Wasserstoff und Methan ins Erdgasnetz. 
DVGW Deutscher Verein des Gas- und Wasserfaches. 

Nel (Ed.), 2018. Nel hydrogen. Nel. URL http://nelhydrogen.com/ (accessed 1.25.18). 
NETL, 2014. Cost of Capturing CO2 from Industrial Sources (No. DOE/NETL-2013/1602). National 

Energy Technology Laboratory (NETL). 
Noack, C., Burggraf, F., Hosseiny, S.S., Lettenmeier, P., Kolb, S., Belz, S., Kallo, J., Friedrich, A., 

Pregger, T., Cao, K.K., Heide, D., Naegler, T., Borggrefe, F., Bünger, U., Michalski, J., 
Raksha, T., Voglstätter, C., Smolinka, T., Crotogino, F., Donadei, S., Horvath, P.-L., Schnei-
der, G.-S., 2014. Studie über die Planung einer Demonstrationsanlage zur Wasserstoff-
Kraftstoffgewinnung durch Elektrolyse mit Zwischenspeicherung in Salzkavernen unter Druck. 
DLR, LBST, Fraunhofer ISE, KBB. 

Nord Pool (Ed.), 2017. Nord Pool group. Nord Pool. URL https://www.nordpoolgroup.com/ (ac-
cessed 12.8.17). 

Ozaki, M., Tomura, S., Ohmura, R., Mori, Y.H., 2014. Comparative study of large-scale hydrogen 
storage technologies: Is hydrate-based storage at advantage over existing technologies? Inter-
national Journal of Hydrogen Energy 39, 3327–3341. doi:10.1016/j.ijhydene.2013.12.080 

Ozarslan, A., 2012. Large-scale hydrogen energy storage in salt caverns. International Journal of 
Hydrogen Energy 37, 14265–14277. doi:10.1016/j.ijhydene.2012.07.111 

Parra, D., Patel, M.K., 2016. Techno-economic implications of the electrolyser technology and size 



D8.3 Report on the costs involved with PtG technologies and their potentials across the EU Page 50 of 51 

for power-to-gas systems. International Journal of Hydrogen Energy 41, 3748–3761. 
Pääkkönen, A., Tolvanen, H., Rintala, J., 2018. Techno-economic analysis of a power to biogas 

system operated based on fluctuating electricity price. Renewable Energy 117, 166–174. 
doi:10.1016/j.renene.2017.10.031 

Petersen, N.H., 2016. Power-to-Gas – Microbes to Cut Costs [WWW Document]. H2-international: 
the e-Journal on Hydrogen and Fuel Cells. URL https://www.h2-interna-
tional.com/2016/01/06/power-to-gas-microbes-to-cut-costs/ (accessed 2.19.18). 

Prince-Richard, S., Whale, M., Djilali, N., 2005. A techno-economic analysis of decentralized elec-
trolytic hydrogen production for fuel cell vehicles. International Journal of Hydrogen Energy 30, 
1159–1179. doi:10.1016/j.ijhydene.2005.04.055 

ProtonOnSite, 2017. M Series Hydrogen Generation Systems. 
Qadrdan, M., Abeysekera, M., Chaudry, M., Wu, J., 2015. Role of power-to-gas in an integrated 

gas and electricity system in Great Britain. International Journal of Hydrogen Energy 40, 5763–
5775. 

Ramsden, T.G., Steward, D.M., James, B.D., Ringer, M., 2008. Current Forecourt Hydrogen Pro-
duction from Grid Electrolysis (1,500 kg per day) version 2.1.3. 

Reiter, G., Lindorfer, J., 2015. Evaluating CO2 sources for power-to-gas applications – A case 
study for Austria. Journal of CO2 Utilization 10, 40–49. doi:10.1016/j.jcou.2015.03.003 

Rieke, S., 2013. Erste industrielle Power-to-Gas-Anlage mit 6 Megawatt. gwf-Gas | Erdgas 660–
664. 

Saba, S.M., Müller, M., Robinius, M., Stolten, D., 2018. The investment costs of electrolysis - A 
comparison of cost studies from the past 30 years. International Journal of Hydrogen Energy 
43, 1209–1223. doi:10.1016/j.ijhydene.2017.11.115 

Schefold, J., Brisse, A., Poepke, H., 2017. 23,000 h steam electrolysis with an electrolyte sup-
ported solid oxide cell. International Jounral of Hydrogen Energy 42, 13415–13426. 
doi:10.1016/j.ijhydene.2017.01.072 

Schenuit, C., Heuke, R., Paschke, J., 2016. Potenzialatlas Power to Gas. Klimaschutz umsetzen, 
erneuerbare Energien integrieren, regionale Wertschöpfung ermöglichen. dena, Berlin, Ger-
many. 

Schiebahn, S., Grube, T., Robinius, M., Tietze, V., Kumar, B., Stolten, D., 2015. Power to gas: 
Technological overview, systems analysis and economic assessment for a case study in Ger-
many. International Journal of Hydrogen Energy 40, 4285–4294. 
doi:10.1016/j.ijhydene.2015.01.123 

Schmidt, O., Gambhir, A., Staffell, I., Hawkes, A., Nelson, J., Few, S., 2017. Future cost and per-
formance of water electrolysis: An expert elicitation study. International Journal of Hydrogen 
Energy 42, 30470–30492. doi:10.1016/j.ijhydene.2017.10.045 

Schoenung, S., 2011. Economic Analysis of Large-Scale Hydrogen Storage for Renewable Utility 
Applications (No. SAND2011-4845 ). Sandia National Laboratories. 

Schoots, K., Rivera-Tinoco, R., Verbong, G., van der Zwaan, B., 2011. Historical variation in the 
capital costs of natural gas, carbon dioxide and hydrogen pipelines and implications for future 
infrastructure. International Journal of Greenhouse Gas Control 5, 1614–1623. 
doi:10.1016/j.ijggc.2011.09.008 

Schweizerische Eidgenossenschaft (Ed.), 2018. Preisüberwachung. URL http://www.preisver-
gleiche.preisueberwacher.admin.ch/ (accessed 2.22.18). 

Siemens, 2017. SILYZER 200 - High-pressure efficiency in the megawatt range. 
Siemens, 2015. Hydrogen from Electrolysis: The Most Versatile Fuel [WWW Document]. Siemens. 

URL https://www.siemens.com/innovation/en/home/pictures-of-the-future/energy-and-effi-
ciency/smart-grids-and-energy-storage-electrolyzers-energy-storage-for-the-future.html (ac-
cessed 2.20.18). 

Simbeck, D., Chang, E., 2002. Hydrogen Supply: Cost Estimate for Hydrogen Pathways - Scoping 
Analysis (No. NREL/SR-540-32525). NREL. 

Smolinka, T., Günther, M., Garche, J., 2011. Stand und Entwicklungspotenzial der Wasserelektro-
lyse zur Herstellung von Wasserstoff aus regenerativen Energien. Fraunhofer ISE. 

Socolow, R.H., Desmond, M.J., Aines, R., Blackstock, J., Bolland, O., Kaarsberg, T., Lewis, N.S., 
Mazzotti, M., Pfeffer, A., Sawyer, K., Siirola, J., Smit, B., Wilcox, J., 2011. Direct Air Capture of 
CO2 with Chemicals - A technology assessment for the APS Panel on Public Affairs. American 

Physical Society. 



D8.3 Report on the costs involved with PtG technologies and their potentials across the EU Page 51 of 51 

Steinmüller, H., Reiter, G., Tichler, R., Friedl, C., Furtlehner, M., Lindorfer, J., Schwarz, M., Koppe, 
M., Biegger, P., Felder, A., Lehner, M., Harasek, M., Makaruk, A., Miltner, M., Fraubaum, M., 
Haider, M., Begluk, S., Gawlik, W., Maier, C., Haas, R., Ajanovic, A., 2014. Power to Gas – 
eine Systemanalyse. Markt- und Technologiescouting und -analyse. Energieinstitut an der Jo-
hannes Kepler Universität Linz, Johannes Kepler Universität Linz, Montanuniversität Leoben, 
TU Wien. 

Steward, D., Saur, G., Penev, M., Ramsden, T.G., 2009. Lifecycle Cost Analysis of Hydrogen Ver-
sus Other Technologies for Electrical Energy Storage (No. NREL/TP-560-46719). NREL. 

Symes, D., Al-Duri, B., Dhir, A., Bujalski, W., Green, B., Shields, A., Lees, M., 2012. Design for on-
site Hydrogen Production for Hydrogen Fuel Cell Vehicle Refueling Station at University of Bir-
mingham, U.K., in:. Presented at the World Hydrogen Energy Conference 2012 - Energy Pro-
cedia, pp. 606–615. doi:10.1016/j.egypro.2012.09.070 

Thüga, Mainova, 2017. Strom zu Gas-Anlage der Thüga-Gruppe hat alle Erwartungen übertroffen. 
Trost, T., Horn, S., Jentsch, M., Sterner, M., 2012. Renewable Methane: Analysis of CO2 Poten-

tials for Power-to-Gas in Germany. Zeitschrift für Energiewirtschaft 36, 173–190. 
doi:10.1007/s12398-012-0080-6 

Ulleberg, Ø., Nakken, T., Ete, A., 2010. The wind/hydrogen demonstration system at Utsira in Nor-
way: Evaluation of system performance using operational data and updated hydrogen energy 
system modeling tools. International Journal of Hydrogen Energy 35, 1841–1852. 
doi:10.1016/j.ijhydene.2009.10.077 

Ursua, A., Gandia, L.M., Sanchis, P., 2012. Hydrogen Production From Water Electrolysis: Current 
Status and Future Trends. Proceedings of the IEEE 100, 410–426. 
doi:10.1109/JPROC.2011.2156750 

Verhagen, M.J.M., 2012. Langetermijnbeleid over de gassamenstelling. Ministerie van Econo-
mische zaken, Landbouw en Innovatie. 

Vitens, 2017. Tarievenoverzicht. Tarievenregeling zakelijk 2017 (No. 05.0005 18). 
Walker, S.B., van Lanen, D., Fowler, M., Mukherjee, U., 2016. Economic analysis with respect to 

Power-to-Gas energy storage with consideration of various market mechanisms. International 
Journal of Hydrogen Energy 41, 7754–7765. doi:10.1016/j.ijhydene.2015.12.214 

Weinert, J.X., 2005. A Near-Term Economic Analysis of Hydrogen Fueling Stations. University of 
California, Davis. 

Xu, J., Froment, G.F., 1989. Methane steam reforming, methanation and water‐gas shift: I. Intrinsic 
kinetics. AIChE Journal 35, 88–96. doi:10.1002/aic.690350109 

Xu, X., Xu, B., Dong, J., Liu, X., 2017. Near-term analysis of a roll-out strategy to introduce fuel cell 
vehicles and hydrogen stations in Shenzhen China. Applied Energy 196, 229–237. 

Yang, C., Ogden, J., 2007. Determining the lowest-cost hydrogen delivery mode. International 
Journal of Hydrogen Energy 32, 268–286. 

Zahid, M., Schefold, J., Brisse, A., 2010. High-temperature water electrolysis using planar solid ox-
ide fuel cell technology: a review, in: Stolten, D. (Ed.), Hydrogen and Fuel Cells - Fundamen-
tals, Technologies and Applications. Wiley-VCH. 

Zeman, F., 2014. Reducing the Cost of Ca-Based Direct Air Capture of CO2. Environmental Sci-

ence & Technology 48, 11730–11735. doi:10.1021/es502887y 
Zhao, L., Brouwer, J., 2015. Dynamic Analysis of a Self-Sustainable Renewable Hydrogen Fueling 

Station. International Journal of Hydrogen Energy 40, 3822–3837. 
Zoss, T., Dace, E., Blumberga, D., 2016. Modeling a power-to-renewable methane system for an 

assessment of power grid balancing options in the Baltic States’ region. Applied Energy 170, 
278–285. doi:10.1016/j.apenergy.2016.02.137 

Zoulias, E.I., Glockner, R., Lymberopoulos, N., 2006. Integration of hydrogen energy technologies 
in stand-alone power systems analysis of the current potential for applications. Renewable and 
Sustainable Energy Reviews 10, 432–462. 

Zwart, R.W.R., Boerrigter, H., Deurwaarder, E.P., van der Meijden, C.M., van Paasen, S.V.B., 
2006. Production of Synthetic Natural Gas (SNG) from Biomass. Development and operation 
of an integrated bio-SNG system. Non-confidential version. (No. ECN-E--06-018). ECN. 

 


